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The integrated numerical modeling technologies are applied to evaluate long-term 

security and stability of the geologic storage of carbon dioxide (CO2) and injection and 

storage performances of the target geologic formations or basins. First, a series of 

numerical simulations, which consider density-dependent (convective) groundwater and 

CO2 flow, is performed using a multiphase hydrogeochemical reactive transport 

numerical model to evaluate impacts of mineralogical compositions on the trapping 

mechanisms and efficiency of injected CO2. Mineral trapping of injected CO2 takes 

places as precipitation of a primary carbonate mineral such as calcite and secondary 

carbonate minerals such as dawsonite, siderite, ankerite, and magnesite. The patterns of 

hydrogeochemical reactions depend significantly on the initial presence or absence of 

chlorite in the sandstone aquifer. For mineral trapping of injected CO2, ankerite is the 

most dominant mineral when chlorite is initially present, whereas dawsonite is the most 

dominant mineral when chlorite is initially absent in the sandstone aquifer. Mg2+ and Fe2+, 

which are essential chemical components of carbonate minerals for mineral trapping of 

injected CO2, are mainly supplied by dissolution of chlorite. As a result, the precipitation 
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amounts of the secondary carbonate minerals and thus the efficiency of mineral trapping 

of injected CO2 increase significantly as the volume fraction of chlorite increases in the 

sandstone aquifer. A series of additional numerical simulations, which consider density-

independent (non-convective) multiphase fluid flow, is also performed, and then its 

results are compared with those of the above-mentioned numerical simulations, to 

evaluate impacts of convective fluid flow on the trapping mechanisms and efficiency of 

injected CO2. The comparison of the results of both numerical simulations shows that the 

convective fluid flow reduces the free fluid phase of CO2 (i.e., hydrodynamic trapping) 

and thus enhances the aqueous and solid phases of CO2 (i.e., initially solubility trapping 

and then mineral trapping). Second, a series of multiphase thermo-hydrological numerical 

simulations is performed using a coupled numerical simulation scheme for an injection 

well-geologic formation system to evaluate the CO2 injection efficiency in terms of the 

CO2 injection rate and injectivity. The CO2 injection rate increases linearly with the fluid 

pressure difference between the well bottom and the sandstone formation far from the 

injection well, whereas the CO2 injectivity varies unsystematically with the fluid pressure 

difference. The apparently unsystematical variation of the CO2 injectivity can be 

explained by in terms of an excellent linear relationship with the kinematic viscosity of 

CO2. Thus the fluid pressure and temperature at the well bottom have significant 

implications for evaluating the CO2 injection efficiency because they determine the fluid 

pressure difference and the kinematic viscosity of CO2. The numerical analyses reveal 

that the fluid pressure and temperature at the well bottom can be simply predicted with 

assumptions of transitions of the hydrostatic fluid pressure and the adiabatic or 

isoenthalpic fluid temperature from the well head to the well bottom in the injection well 

using the thermodynamic data of CO2. Based on these findings, a series of prediction of 

fluid pressure and temperature changes in the injection well is performed, and its results 
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are summarized as the characteristic curves. Finally, a new method for estimating the 

geologic storage capacities of CO2 using integrated three-dimensional geologic formation 

modeling and thermo-hydrological numerical simulation is suggested and applied. Unlike 

the conventional methods, this new method can consider the spatially variable 

distributions of fluid conditions and properties within sedimentary basins, thus it can 

evaluate more accurate and reliable geologic storage capacities. This new method is 

applied to the Bukpyeong Basin, which is one of the prospective offshore sedimentary 

basins for the geologic storage of CO2 in Korea. The theoretical storage capacities of free 

phase CO2 within the supercritical phase CO2 region (Case A) and the supercritical and 

liquid phases CO2 region below a depth of 500 m from the sea floor (Case B) are 

estimated to be 13,783 Mton and 75,319 Mton, respectively. These results also show not 

only the total value but also the spatial distribution of the storage performances of CO2 in 

the target sedimentary basin. To estimate the effective storage capacity and its 

probabilistic distribution, a series of Monte Carlo simulations is performed. The effective 

storage capacities of free phase and aqueous CO2 within the supercritical phase CO2 

region (Case A), and the supercritical and liquid phases CO2 region below a depth of 500 

m from the sea floor (Case B) are estimated as an average of 353 Mton and 1,929 Mton, 

respectively. 
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Chapter 1. Introduction 
 

Recently, climate change and global warming, which are hypothesized to be caused 

by the anthropogenic emissions of greenhouse gases, have emerged as significant global 

issues in scientific, environmental, economical, social, and political terms. Carbon 

dioxide (CO2) has been recognized as the most contributive greenhouse gas to these 

global issues because of its huge amount of emissions into the atmosphere since the 

Industrial Revolution. 

Geologic storage of CO2 has been considered as an effective countermeasure for 

reducing the rate of CO2 emissions (Holloway, 1997; Metz et al., 2005). Geologic storage 

of CO2 involves sequestration of CO2 in suitable deep geologic formations such as saline 

aquifers, oil and gas reservoirs, and coal beds. Once CO2 is injected, it is stored through a 

series of trapping mechanisms and is finally sequestrated permanently in the deep 

subsurface, which is separated from the atmosphere (Metz et al., 2005). 

The six key technologies for the geologic storage of CO2 are identified by work of 

Metz et al. (2005) as follows: (1) site (geologic formation) characterization and 

evaluation technology, (2) well drilling and injection technology, (3) CO2 behavior 

prediction technology (integrated numerical modeling technology), (4) CO2 monitoring 

technology, (5) environmental impact assessment technology, and (6) management and 

utilization technology for closed sites. Among these technologies, the CO2 behavior 

prediction technology (integrated numerical modeling technology) is a main subject in 

this study. 

The integrated numerical modeling technology consists of four modeling 

technologies of three-dimensional geologic modeling technology, modeling technology 

for CO2 behavior prediction, modeling technology for performance evaluation, and 
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modeling technology for risk analysis. These modeling technologies can be utilized for 

various issues of the geologic storage of CO2 such as site screening and selection, 

injection well positioning and injection scheme design, monitoring well positioning and 

monitoring network design, and environmental impacts assessment of shallow aquifers 

due to CO2 leakage. 

Because the geologic storage of CO2 in Korea is under the planning stage, two issues 

of the site screening and selection and the injection well positioning and injection scheme 

design have higher priority than the other issues. Thus, in this study, several modeling 

technologies (i.e., three-dimensional geologic modeling technology, modeling technology 

for CO2 behavior prediction, and modeling technology for performance evaluation) will 

be applied to deal with these prior issues. 

Storage of CO2 in a suitable geologic formation is accomplished by the following 

three trapping mechanisms (Bachu et al., 1994; Hitchon, 1996; Metz et al., 2005). First, 

CO2 is accumulated as a free fluid phase under cap rocks (structural trapping) or in pore 

spaces (residual trapping) referred to as hydrodynamic trapping. This trapping mechanism 

is important during a relatively short time period after CO2 injection because it retards 

upward buoyant migration and leakage of injected CO2 until the next two trapping 

mechanisms occur. Second, CO2 is then dissolved as aqueous phases such as bicarbonate 

and carbonate anions into groundwater referred to as solubility trapping. This trapping 

mechanism increases the acidity of groundwater and thus leads to dissolution of primary 

minerals in the geologic formation and changes in groundwater chemistry. It also 

contributes to reducing the free fluid phase of CO2 (i.e., hydrodynamic trapping) and 

making a favorable environment for mineral trapping by providing cations such as Ca2+, 

Mg2+, and Fe2+ in groundwater by dissolution of primary minerals in the geologic 

formation. Third, CO2 is finally precipitated as secondary minerals (solid phases) by 
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hydrogeochemical reactions between groundwater and primary minerals in the geologic 

formation referred to as mineral trapping. This mineral trapping mechanism is the most 

favorable and attractive process for long-term security and stability of geologic storage of 

CO2 because CO2 stored by mineral trapping is immobilized over a long time period as 

opposed to the other trapping mechanisms. The free fluid and aqueous phases of CO2 can 

move with flowing groundwater and possibly leak into shallower potable aquifer systems, 

ecosystems, or the atmosphere. As time progresses, the dominant trapping mechanism for 

geologic storage of injected CO2 changes from hydrodynamic trapping on time scales of 0 

to 10s years, then to solubility trapping on time scales of 10s to 100s years, and finally to 

mineral trapping on time scales of 100s to 1,000s years (Fig. 1.1) (Metz et al., 2005). 

Thus the security and stability of geologic storage of CO2 increase. However, if the other 

trapping mechanisms cannot trap CO2 long enough for mineral trapping to occur, then 

obviously mineral trapping will be less important for geologic storage of injected CO2. 

To ensure the long-term (i.e., 100s to 1,000s years) security and stability of the 

geologic storage of CO2, it is essential to understand hydrogeochemical processes and to 

evaluate the efficiency of trapping mechanisms of injected CO2, especially mineral 

trapping. Because of slow geochemical reactions for mineral trapping, the numerical 

simulation approaches are necessary to investigate long-term behavior of injected CO2 

and its trapping mechanisms. 

The performance (i.e., injection, storage, and seal capacities) of the target geologic 

formations (i.e., reservoir and cap rocks) or basins has to be comprehensively evaluated, 

to ensure the safety and cost-efficiency of the geologic storage of CO2. 

The CO2 injection efficiency, which is the representative index of the injection 

performance, is one of the most important factors in the planning and site selection stages 

as well as the operation stage because it determines the economical feasibility and  
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Figure 1.1. Trapping mechanisms and storage security of CO2 injected into geological 

formation for geological storage of CO2 (Metz et al., 2005). 
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operation guidelines of the geologic CO2 storage projects (Kaldi and Gibson-Poole, 2008). 

The CO2 injection efficiency is quantified by two terms of the CO2 injection rate and 

injectivity. The CO2 injection rate is defined as the amount of injected CO2 per unit time. 

The CO2 injectivity is defined as the CO2 injection rate divided by the fluid pressure 

difference between the injection well bottom and the geologic formation, which is far 

from the injection well (Thomas, 1981; Ertekin et al., 2001). The CO2 injectivity is 

controlled by the thermophysical environments (i.e., fluid pressure and temperature) and 

hydrogeological properties (i.e., porosity and intrinsic permeability) of a geologic 

formation as well as the contact area between the geologic formation and the injection 

well through the screen interval of the injection well. Because of complexity and non-

linearity of thermo-hydrogeological responses due to CO2 injection in and near the 

injection well, the coupled numerical simulations are necessary to evaluate the CO2 

injection efficiency. 

On the other hand, the geologic storage capacity, which is the representative index of 

the storage performance, is also one of the most important factors in the planning and site 

selection stages because it determines the technological and economical viabilities of the 

geologic CO2 storage projects (Kaldi and Gibson-Poole, 2008). 

For CO2 storage capacities, the techno-economic resource-reserve pyramid, which is 

based on concept of resources and reserves in the energy and mining industries fields, has 

been suggested by CSLF (2005) and Bradshaw et al. (2007). Bachu et al. (2007) 

suggested a modified pyramid with the following four levels of storage capacities (Fig. 

1.2). The theoretical storage capacity is the maximum stored mass of CO2 when entire 

pore volume is completely filled with CO2 injected. Thus it assumes that all pore volumes 

in the target reservoir or basin are accessible to store CO2. The theoretical storage 

capacity represents the physical or theoretical limit of the geological system. The  



 

6 
 

 

 

 

 

 

Figure 1.2. Techno-economic resource-reserve pyramid for the CO2 storage capacities 

(Bachu et al., 2007). 
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effective storage capacity is a subset of the theoretical storage capacity and is estimated 

considering the technical (geological and engineering) cut-off limits. It represents 

technical limit and viability of the geologic storage of CO2. The practical storage capacity 

is a subset of the effective storage capacity and is estimated considering the economic, 

legal, and regulatory as well as technical barriers. The matched storage capacity is a 

subset of the practical storage capacity and is counted when detailed matching between a 

CO2 source (i.e., power plant) and a geologic storage site exists with the suitability in 

terms of emission amount and storage capacity, and supply rate and injection rate. In the 

resource-reserve pyramid (Bachu et al., 2007), as moving toward the apex of the pyramid, 

the quantity and quality of data for storage capacity assessment are improved, and thus 

the estimated storage capacity and its uncertainty decrease. 

In the planning and site selection stages of the geologic storage of CO2, the theoretical 

and effective storage capacities rather than the practical and matched capacities give a 

reliable information to the decision makers, because the data for storage capacity 

assessment on the country, regional or basin scales are insufficient in terms of detail and 

resolution. Thus evaluations of the theoretical and effective storage capacities for the 

prospective sedimentary basins in Korea are necessary. 

Therefore, in this study, the integrated numerical modeling technologies are applied to 

evaluate long-term security and stability of the geologic storage of CO2 and injection and 

storage performances of the target geologic formations or basins. These technologies 

include hydrogeochemical reactive transport numerical simulations, coupled numerical 

simulation scheme for an injection well-geologic formation system, and integrated three-

dimensional geologic formation modeling and thermo-hydrological numerical simulation. 

In chapter 2, the hydrogeochemical numerical simulations are performed to evaluate 

impacts of mineralogical compositions and convective fluid flow on trapping mechanisms 
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and efficiency of CO2 injected into deep saline sandstone aquifers. In chapter 3, the 

injection efficiency of CO2 into geologic formations is evaluated using the coupled 

injection well and geologic formation simulation scheme. In chapter 4, a new method for 

estimating the geologic storage capacities of CO2 using the integrated three-dimensional 

geologic formation modeling and thermo-hydrological numerical simulation is suggested 

and applied to the Bukpyeong Basin, Korea. 
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Chapter 2. Hydrogeochemical numerical simulation of impacts of 

mineralogical compositions and convective fluid flow 

on trapping mechanisms and efficiency of carbon 

dioxide injected into deep saline sandstone aquifers 

 

 
2.1. Introduction 

A variety of laboratory experiments and numerical simulations has been performed to 

understand hydrogeochemical behavior of injected CO2 and its trapping mechanisms in 

sandstones. Geochemical batch laboratory experiments using sandstone samples with 

brine and CO2 during relatively short time periods (several weeks or months) were 

performed (e.g., Gunter et al., 1997; Kaszuba et al., 2003). These studies conclude that 

geochemical reactions are too slow under the common environments for geologic storage 

of CO2, the order of tens to hundreds of years are required for mineral trapping of 

meaningful amount of injected CO2, and thus numerical simulation approaches are 

necessary to investigate long-term behavior of injected CO2 and its trapping mechanisms. 

Thus several geochemical batch numerical simulations for geologic storage of CO2 in 

sandstones were performed (e.g., Gunter et al., 1997; Xu et al., 2001; Kaszuba et al., 

2003; Xu et al., 2004a; Zwingmann et al., 2005). These studies show that the efficiency of 

mineral trapping of injected CO2 is strongly affected by the mineralogical compositions 

of the geologic formations and is sensitive to Mg2+- or Fe2+-bearing minerals such as 

olivine, serpentine, biotite, and chlorite. Several one- and two-dimensional 

hydrogeochemical numerical simulations for geologic storage of CO2 using multiphase 

reactive transport numerical models were also performed to examine injection of CO2 

into various sandstone formations in several countries as follows: in a deep arenaceous 
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formation, USA (Xu et al., 2003), in a deep saline aquifer-aquitard system, Sleipner, 

Norway (Johnson et al., 2004), in a multiple sandstone-shale layer system, USA (White et 

al., 2005), in a deep single sandstone-shale layer system, USA (Xu et al., 2005), in a deep 

unconsolidated layer, USA (Xu et al., 2006), in a depleted gas reservoir-cap rock system, 

Italy (Gherardi et al., 2007), in a deep sandstone formation, USA (Xu et al., 2007), in a 

deep sandstone layer, Korea (Kihm et al., 2009), and in a deep saline aquifer, China 

(Zhang et al., 2009). These studies show that mineral trapping can significantly contribute 

to geologic storage of CO2 on layer or aquifer scales, and the efficiency of mineral 

trapping is strongly affected by the mineralogical compositions of the geologic 

formations. These studies also conclude that it is essential to simulate long-term 

hydrogeochemical processes and to evaluate the efficiency of trapping mechanisms of 

injected CO2, especially mineral trapping, in order to ensure long-term security and 

stability of geologic storage of CO2. Thus, in this study, effects of mineralogical 

compositions on the trapping mechanisms and efficiency of CO2 injected into a deep 

saline sandstone aquifer during a long time period will be evaluated through a series of 

multiphase hydrogeochemical reactive transport numerical simulations. 

Dissolution of the free fluid phase of CO2 into groundwater increases slightly the 

density of groundwater, and thus it can lead to density-dependent (convective) multiphase 

fluid flow during a long time period. This convective multiphase fluid flow replaces or 

mixes CO2-saturated groundwater with CO2-unsaturated groundwater and thus further 

accelerates dissolution of the free fluid phase of CO2 into groundwater (Lindeberg and 

Wessel-Berg, 1997; Ennis-King and Paterson, 2005; Riaz et al., 2006). A coupling study 

of convective mixing with hydrogeochemical reactions performed by Ennis-King and 

Paterson (2007) indicates that such convective multiphase fluid flow influences 

significantly all the three trapping mechanisms of injected CO2. However, their study 
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considered only a relatively small modeling domain (25 m high and 25 m wide) and a 

relatively short time period (100 years). In addition, none of the above-mentioned 

hydrogeochemical numerical simulations (i.e., Xu et al., 2003; Johnson et al., 2004; 

White et al., 2005; Xu et al., 2005; Xu et al., 2006; Gherardi et al., 2007; Xu et al., 2007; 

Kihm et al., 2009; Zhang et al., 2009) considered convective multiphase fluid flow or 

convective mixing. Thus, in this study, effects of convective fluid flow on the trapping 

mechanisms and efficiency of CO2 injected into a large-scale multidimensional deep 

saline sandstone aquifer during a long time period will be also evaluated through a series 

of multiphase hydrogeochemical reactive transport numerical simulations. 

The objectives of this study are to analyze quantitatively impacts of mineralogical 

compositions and convective fluid flow on the trapping mechanisms and efficiency of 

CO2 injected into a deep saline sandstone aquifer. In order to achieve the first objective 

(i.e., impacts of mineralogical compositions), a series of numerical simulations, which 

consider density-dependent (convective) groundwater and CO2 flow, for the four different 

cases of mineralogical compositions with respect to the volume fraction of chlorite is 

performed using a multiphase hydrogeochemical reactive transport numerical model. In 

the numerical simulations, convective multiphase fluid flow due to dissolution of the free 

fluid phase of CO2 is not only considered, but convective multiphase fluid flow due to 

dissolution of solid minerals is also considered. In order to achieve the second objective 

(i.e., impacts of convective fluid flow), a series of additional numerical simulations, 

which consider density-independent (non-convective) multiphase fluid flow, is also 

performed using the same numerical model, and then its results are compared with those 

of the above-mentioned numerical simulations, which consider density-dependent 

(convective) multiphase fluid flow. 
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2.2. Numerical model 

The non-isothermal multiphase hydrogeochemical reactive transport numerical model 

used in this study is TOUGHREACT (Xu et al., 2004b, 2006), which has been developed 

by introducing hydrogeochemical reactive transport into the multiphase fluid flow and 

heat transport numerical model TOUGH2 (Pruess et al., 1999; Pruess, 2004). 

TOUGHREACT is based on spatial discretization by means of an integral finite 

difference (IFD) method (Narasimhan and Witherspoon, 1976). The IFD method provides 

flexible spatial discretization for geologic media by allowing the use of irregular grid 

blocks, which is well suited for simulation of flow, transport, and fluid-rock interaction in 

heterogeneous and fractured rock systems with various and heterogeneous petrology. 

In TOUGHREACT, properties of fluid or fluid mixture with aqueous components are 

considered by various EOS (equation of state) modules. A fluid property EOS module 

ECO2N based on the work of Spycher and Pruess (2005) is used in this study. The 

ECO2N module provides an accurate description of the thermophysical properties of 

mixtures of water and CO2 under conditions typically encountered in saline aquifers of 

interest for geologic storage of CO2 (i.e., 10°C ≤ T ≤ 110°C, P ≤ 600 bars). 

In TOUGHREACT, a broad range of subsurface thermal-physical-chemical processes 

are considered under various thermohydrological and hydrogeochemical conditions of 

fluid pressure, temperature, fluid saturation, ionic strength, pH, and Eh. Further details on 

the subsurface thermal-physical-chemical process capabilities of TOUGHREACT are 

given by Xu and Pruess (2001) and Xu et al. (2006). 

 

2.3. Numerical simulations 

 

2.3.1. Geological settings of sandstone aquifer 
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The Gyeongsang Basin is a non-marine sedimentary basin, which was formed and 

deposited during the Cretaceous period, and is located in the southeastern part of Korea. 

The Gyeongsang Basin is subdivided into the four groups of the Sindong, Hayang, 

Yucheon, and Bulguksa Groups (Bulguksa plutonic rocks) in ascending order (Chang, 

1975). The Sindong Group has been identified as one of the most suitable geologic 

formations for geologic storage of CO2 in Korea (Kim, 2009). 

The Sindong Group is further subdivided into the Nakdong (alluvial fan to fluvial 

deposits), Hasandong (fluvial deposits), and Jinju (lacustrine deposits) Formations in 

ascending order (Chang, 1975). The Nakdong Formation is about 550 m thick and 

consists of lower alluvial fan deposits of conglomerates, which are overlain by sandstones 

intercalated with dark gray mudstones and black shales, and upper fluvial deposits of 

alternating channel sandstones and inter-channel dark gray mudstones and siltstones. The 

Hasandong Formation is about 1,100 m thick and consists of alternating fluvial channel 

sandstones and inter-channel reddish mudstones and siltstones. The Nakdong and 

Hasandong Formations can serve as potential reservoir rocks (storage rocks) for CO2 

storage. The Jinju Formation is about 1,200 m thick and consists of lacustrine dark gray 

to black mudstones, black shales, and channel sandstones. It can serve as a potential cap 

rock for CO2 storage. The potential geologic CO2 storage capacities of the Nakdong and 

Hasandong Formations have also been preliminarily estimated to be as much as 615 and 

1,134 Mton, respectively (Kim, 2009). 

 

2.3.2. Mineralogical compositions of sandstone aquifer 

This study involves numerical modeling for geologic storage of CO2 in a hypothetical 

sandstone aquifer (reservoir rock) of the Hasandong Formation. The mineralogical 

compositions of the sandstones in the Hasandong Formation are characterized based on 
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comprehensive reviews of the previous studies (Koh and Lee, 1972; Koh, 1974; Lee, 

1985; Choi, 1986; Koh, 1986; Koh, 1989; Lee et al., 1989; Koh and Lee, 1993; Lim, 

2000). 

The sandstones in the Hasandong Formation are classified as arkose sandstones and 

consist mainly of silicate minerals (about 81 volume %) such as quartz, K-feldspar, and 

oligoclase, carbonate minerals (about 5%) such as calcite, clay and clay-like minerals 

(about 12%) such as chlorite and illite, and oxide minerals (about 2%) such as hematite. 

The average, maximum, minimum, and standard deviation of the volume fractions of the 

most abundant seven minerals are plotted in Fig. 2.1. Among the clay and clay-like 

minerals, chlorite and illite are more dominant than smectite or kaolinite, and their 

volume fractions in the Hasandong Formation are relatively higher than in the other 

geologic formations of the sedimentary basins in Korea (Noh and Park, 1990; Lee, 2000; 

Lim, 2000; Lee and Lim, 2008). 

In this study, the above-mentioned seven minerals (i.e., quartz, K-feldspar, oligoclase, 

calcite, chlorite, illite, and hematite) are considered as primary minerals, which exist 

naturally in the sandstone aquifer before geologic storage of CO2. The importance of 

chlorite as a primary mineral is discussed in Section 2.5.1. In addition, dawsonite, siderite, 

ankerite, magnesite, albite, Na-smectite, Ca-smectite, kaolinite, and dolomite are 

considered as secondary minerals, which may be formed in the sandstone aquifer during 

and after geologic storage of CO2. The choice of dawsonite as a secondary mineral is 

discussed in Section 2.5.2. The chemical compositions of the seven primary minerals and 

the nine secondary minerals are listed in Table 2.1. 

A preliminary one-dimensional modeling work of Kihm et al. (2009), which dealt 

with geologic storage of CO2 in a sandstone layer of the Hasandong Formation, reveals 

that chlorite rather than the other primary minerals such as oligoclase and hematite has  
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Figure 2.1. Volume fractions of primary minerals in the sandstones, Hasandong 

Formation, Sindong Group, Gyeongsang Basin, Korea. 
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Table 2.1. Initial volume fractions of primary minerals in the sandstone aquifer and 

possible secondary minerals, which may be formed by geologic storage of carbon dioxide. 

Mineral Chemical composition Initial volume fraction [%] 

 

 

 

 

Case 1 

 

Case 2 

 

Case 3 

(base case) 

Case 4 

 

Primary mineral 

Quartz SiO2 59.20 57.43 55.10 53.87 

K-feldspar KAlSi3O8 21.69 21.04 20.19 19.74 

Oligoclase (Na0.8,Ca0.2)(Al1.2,Si2.8)O8 5.59 5.42 5.20 5.09 

Calcite CaCO3 5.80 5.63 5.40 5.28 

Chlorite (Mg2.5,Fe2.5,Al)(Al,Si3)O10(OH)8 0.00 3.00 6.93 9.00 

Illite K0.6(Mg0.25,Al1.8)(Al0.5,Si3.5)O10(OH)2 5.52 5.35 5.13 5.02 

Hematite Fe2O3 2.20 2.13 2.05 2.00 

Secondary mineral 

Dawsonite NaAlCO3(OH)2 0.00 0.00 0.00 0.00 

Siderite FeCO3 0.00 0.00 0.00 0.00 

Ankerite Ca(Mg0.3,Fe0.7)(CO3)2 0.00 0.00 0.00 0.00 

Magnesite MgCO3 0.00 0.00 0.00 0.00 

Albite NaAlSi3O8 0.00 0.00 0.00 0.00 

Na-smectite Na0.290(Mg0.26,Al1.74)(Al0.03,Si3.97)O10(OH)2 0.00 0.00 0.00 0.00 

Ca-smectite Ca0.145(Mg0.26,Al1.74)(Al0.03,Si3.97)O10(OH)2 0.00 0.00 0.00 0.00 

Kaolinite Al2Si2O5(OH)4 0.00 0.00 0.00 0.00 

Dolomite CaMg(CO3)2 0.00 0.00 0.00 0.00 

Total  100.00 100.00 100.00 100.00 
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significant influences on mineral trapping mechanisms of injected CO2. Thus the volume 

fraction of chlorite is considered as an index (barometer) of the mineralogical 

compositions of the sandstone aquifer in this study. In the sandstones of the Hasandong 

Formation, the volume fraction of chlorite ranges from 0.00% to 9.00% with an average 

value of 6.93% (Noh and Park, 1990; Lee, 2000; Lim, 2000; Lee and Lim, 2008). 

Therefore a series of numerical simulations for the following four different cases of the 

mineralogical compositions with respect to the volume fraction of chlorite is performed in 

this study: 0.00% (Case 1), 3.00% (Case 2), 6.93% (Case 3, base case), and 9.00% (Case 

4). The four different cases of the mineralogical compositions with respect to the volume 

fraction of chlorite are listed in Table 2.1. 

 

2.3.3. Geochemical reaction parameters 

The equilibrium constants for minerals and aqueous species used in this study are 

obtained from the updated version 7.2b of the EQ3/6 database (Wolery, 1992). However, 

the thermodynamic properties of several minerals and aqueous species relevant to this 

study have been revised based on comprehensive reviews of the literatures (Parker and 

Khodakovskii, 1995; Chai and Navrotsky, 1996; Kulik and Aja, 1997; Rimstidt, 1997; 

Holland and Powell, 1998; Arnórsson and Stefánsson, 1999; Rock et al., 2001; Preis and 

Gamsjäger, 2002). A detailed summary of the revised thermodynamic properties is 

provided by Xu et al. (2007). To ensure the consistency of the revised thermodynamic 

properties with the unmodified equilibrium constants in the updated version 7.2b of the 

EQ3/6 database, all the revisions were generated by SUPCRT92 (Johnson et al., 1992). 

Dissolution and precipitation of the primary and secondary minerals are kinetically 

controlled. However, calcite reactions are assumed to be described as local equilibrium 

processes because their reaction rates are very fast relative to the time frame to be 
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modeled. A general form of kinetic reaction rates for mineral dissolution and precipitation, 

which is based on the transition state theory (TST), is expressed as follows (Lasaga et al., 

1994; Steefel and Lasaga, 1994): 
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where r  [mol/kg H2O/s] is the kinetic reaction rate (positive values indicate dissolution, 

and negative values indicate precipitation), k  [mol/m2/s] is the temperature-dependent 

kinetic reaction rate constant (moles per unit mineral surface area and unit time), A  

[m2/kg H2O] is the specific reactive surface area (reactive surface area per unit mass of 

H2O), K  is the equilibrium constant for the mineral-water reaction written for the 

destruction of one mole of mineral, and Q  is the reaction quotient. The parameters θ  

and η  must be determined by experiments but are commonly set equal to unity when 

experimental quantification is unavailable. Mineral precipitation is represented using the 

same kinetic expressions for mineral dissolution. 

For many minerals, the kinetic reaction rate constant k  in equation (2.1) can be 

calculated by summation of the three mechanisms as follows (Lasaga et al., 1994; 

Palandri and Kharaka, 2004): 
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where the subscripts nu , H , and OH  denote the neutral, acid, and base mechanisms, 

respectively, 25k  [mol/m2/s] is the kinetic reaction rate constant at 25°C, E  [kJ/mol] is 

the activation energy, R  [kJ/K/mol] is the gas constant, T  [K] is the absolute 

temperature, a  is the activity of the species, and n  is the reaction order or power term 

(constant). Note that the parameters θ  and η  in equation (2.1) are assumed to be the 

same for each mechanism and are set equal to unity in this study because of the above-

mentioned reason. The kinetic reaction rate constant k  can also be dependent on other 

species. Two or more species may be involved in one mechanism. 

A general form of species-dependent kinetic reaction rate constants, which is an 

extension of equation (2.2), is implemented into TOUGHREACT (Xu et al., 2004b; Xu et 

al., 2006) as follows: 
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where the subscript i  denotes the index for an additional mechanism, and the subscript 

j  denotes the index for the species involved in i-th mechanism. 

The kinetic parameters including the kinetic reaction rate constant at 25°C ( 25k ), the 

activation energy ( E ), and the reaction order or power term ( n ) as well as the specific 

reactive surface area ( A ) of the primary and secondary minerals are listed in Table 2.2. 

The kinetic parameters are obtained from the previous works (Steefel, 2001; Palandri and 

Kharaka, 2004). The specific reactive surface area is also obtained from the previous 

works (White and Peterson, 1990; Lasaga, 1995; Sonnenthal et al., 2005; Zerai et al., 

2006; Xu et al., 2007). 
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Table 2.2. Geochemical reaction parameters of primary and secondary minerals. 

Parameters for kinetic reaction rate law 

Neutral mechanism Acid mechanism Base mechanism 

Mineral 

 

 

 

 

Specific

area

A  
[cm2/g]

 

25k  
[mol/m2/s] 

E  
[kJ/mol]

25k  
[mol/m2/s]

E  
[kJ/mol]

n  
(H+)

25k  
[mol/m2/s] 

E  
[kJ/mol] 

n  
(H+) 

Primary mineral 

Quartz 9.8 1.023 × 10-14 87.7       

K-feldspar 9.8 3.890 × 10-13 38.0 8.710 × 10-11 51.7 0.50 6.310 × 10-22 94.1 -0.82 

Oligoclase 9.8 1.445 × 10-13 69.8 2.138 × 10-11 65.0 0.46    

Calcite Assumed at equilibrium 

Chlorite 9.8 3.020 × 10-13 88.0 7.762 × 10-12 88.0 0.50    

Illite 151.6 1.660 × 10-13 35.0 1.047 × 10-11 23.6 0.34 3.020 × 10-17 58.9 -0.40 

Hematite 12.9 2.512 × 10-15 66.2 4.074 × 10-10 66.2 1.00    

Secondary mineral 

Dawsonite 9.8 1.260 × 10-9 62.8 6.457 × 10-4 36.1 0.50    

Siderite 9.8 1.260 × 10-9 62.8 6.457 × 10-4 36.1 0.50    

Ankerite 9.8 1.260 × 10-9 62.8 6.457 × 10-4 36.1 0.50    

Magnesite 9.8 4.571 × 10-10 23.5 4.169 × 10-7 14.4 1.00    

Albite 9.8 2.754 × 10-13 69.8 6.918 × 10-11 65.0 0.46 2.512 × 10-16 71.0 -0.57 

Na-smectite 151.6 1.660 × 10-13 35.0 1.047 × 10-11 23.6 0.34 3.020 × 10-17 58.9 -0.40 

Ca-smectite 151.6 1.660 × 10-13 35.0 1.047 × 10-11 23.6 0.34 3.020 × 10-17 58.9 -0.40 

Kaolinite 151.6 6.918 × 10-14 22.2 4.898 × 10-12 65.9 0.78 8.913 × 10-18 17.9 -0.47 

Dolomite 9.8 2.951 × 10-8 52.2 6.457 × 10-4 36.1 0.50    

Notes: (1) all geochemical reaction parameters are listed for mineral dissolution; (2) A is the 

specific reactive surface area, k25 is the kinetic reaction rate constant at 25°C, E is the activation 

energy, and n is the reaction order or power term in equations (2.2) and (2.3); (3) the power terms 

n for both acid and base mechanisms are with respect to H+. 
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2.3.4. Numerical simulation setups 

The above-mentioned hypothetical sandstone aquifer (reservoir rock) is 

conceptualized as a two-dimensional radial (i.e., quasi three-dimensional) modeling 

domain with a thickness of 100 m and a radius of 100,000 m, and it is located at depths 

between 1,000 m ( z  = 100 m) and 1,100 m ( z  = 0 m) from the ground surface (Fig. 

2.2). It is assumed to be underlain and overlain by two impermeable shale layers (upper 

cap rock and lower bedrock). A CO2 injection well is located at the center of the modeling 

domain and is cased to a depth of 1,080 m and screened at depths between 1,080 and 

1,100 m (i.e., 20 m interval) from the ground surface. The modeling domain is then 

discretized into 2,500 grid blocks. It is subdivided by 20 grid blocks with a constant 

spacing of 5 m in the vertical z  direction and 125 grid blocks with various spacings, 

which vary from 5 m at the center of the CO2 injection well up to 10,000 m outward, in 

the radial r  direction (Fig. 2.2). The sandstone aquifer is assumed to be initially 

homogenous and isotropic. The hydrogeological properties of the sandstone aquifer, 

which are abstracted from the work of Kim (2008), are listed in Table 2.3. The diffusion 

coefficient of all the geochemical species is set equal to 1.00 × 10-9 m2/s (Grathwohl, 

1998). 

The initial condition of the fluid pressure is applied such that it increases 

hydrostatically with depth, while it is set equal to 9.81 × 106 Pa at the top boundary ( z  = 

100 m) of the sandstone aquifer. The initial condition of the temperature is set equal to 

45°C. The initial chemical compositions of groundwater are simulated assuming 

equilibrium states for the four different cases (i.e., Cases 1 to 4) of the mineral 

compositions with respect to the volume fraction of chlorite in the sandstone aquifer. In 

these simulations, a pure 1.0 M (molarity) solution of sodium chloride reacts with the 

primary mineral assemblages listed in Table 2.1 under a temperature of 45°C and a CO2  



 

22 
 

 

 

 

 

 

 
 

Figure 2.2. Schematic diagram of the sandstone aquifer (modeling domain) and CO2 

injection well used in the numerical simulations. 
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Table 2.3. Hydrogeological properties of the sandstone aquifer. 
Property Value 

Porosity 0.10 

Intrinsic permeability [m2] 1.02 × 10-13 

Solid density [kg/m3] 2.65 × 103 

Residual water saturation 0.15 

Residual gas saturation 0.05 

van Genuchten’s (1980) hydraulic parameters  

Gas-entry pressure [Pa] 1.89 × 104 

Exponent m=λ  4.57 × 10-1 
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partial pressure of 1.01 × 103 Pa (0.01 bar) for each case. The resultant initial chemical 

compositions of groundwater for the four different cases are almost identical. Thus a 

single initial chemical composition of groundwater for Case 3 (base case), which is listed 

in Table 2.4, is used for all the four cases (i.e., Cases 1 to 4). 

Along the top ( z  = 100 m) and bottom ( z  = 0 m) boundaries, no-flow and no-

transport boundary conditions are assigned considering the impermeable shale  

layers. Along the left boundary ( r  = 0 m), no-flow and no-transport boundary conditions 

are assigned considering the radial symmetry of the modeling domain with respect to the 

CO2 injection well. Along the right boundary ( r  = 100,000 m), the Dirichlet-type flow 

and transport boundary conditions are assigned considering the infinite radial extent of 

the modeling domain. 

CO2 is injected through the screen interval of 20 m at the bottom of the CO2 injection 

well at a constant rate of 15.84 kg/s (0.5 Mton/year) for 10 years. The total simulation 

time period is set equal to 2,000 years including the CO2 injection period of 10 years. 

 

2.4. Results and analyses of numerical simulations 

 

2.4.1. Trapping mechanisms of injected carbon dioxide for base case (Case 3) 

 

2.4.1.1. Groundwater and carbon dioxide flow: Hydrodynamic trapping 

The spatial distributions of the CO2 pressure and CO2 saturation in the sandstone 

aquifer for the base case (Case 3) are illustrated in Fig. 2.3. The CO2 pressure in the entire 

sandstone aquifer increases during the CO2 injection period of 10 years with higher 

pressure at the bottom left of the modeling domain and lower pressure at the top right of 

the modeling domain (Figs. 2.3a and 2.3b). After CO2 injection is completed, the CO2  
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Table 2.4. Initial concentrations of aqueous components in groundwater. 
Aqueous component Concentration [mol/kg H2O] 

Ca2+ 2.026 × 10-4 

Mg2+ 2.656 × 10-7 

Fe2+ 1.938 × 10-6 

Na+ 1.015 × 100 

K+ 3.417 × 10-3 

AlO2
- 7.495 × 10-9 

Cl- 1.000 × 100 

HCO3
- 1.990 × 10-2 

SiO2 (aq) 4.929 × 10-4 

O2 (aq) 1.918 × 10-71 

pH 8.123 
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Figure 2.3. Spatial distributions of CO2 pressure after (a) 1 year, (b) 10 years, (c) 100 

years, and (d) 2,000 years and CO2 saturation after (e) 10 years, (f) 200 years, (g) 500 

years, and (h) 2,000 years in the sandstone aquifer for the base case (Case 3). The vertical 

coordinate axis z is exaggerated 10 times. 

 



 

27 
 

pressure decreases gradually for 100 years (Fig. 2.3c) and finally returns to its initial 

value throughout the entire sandstone aquifer (Fig. 2.3d). 

The free fluid phase of injected CO2 initially moves upward by buoyancy to the 

overlying shale (cap rock) displacing groundwater, then moves laterally along the 

boundary between the sandstone and shale, and finally accumulates beneath the cap rock 

(i.e., hydrodynamic trapping) (Figs. 2.3e, 2.3f, 2.3g, and 2.3h). The free fluid phase of 

CO2 is dissolved continuously into groundwater, and thus the CO2 saturation decreases 

during a long time period (i.e., solubility trapping). The two-fluid phase region, where the 

free fluid phase of CO2 and groundwater coexist (i.e., CO2 saturation is greater than 0), 

also initially expands upward and laterally along movement of the free fluid phase of CO2, 

then remains beneath the cap rock, and finally decreases gradually (Figs. 2.3e, 2.3f, 2.3g, 

and 2.3h). 

 

2.4.1.2. Changes in groundwater chemistry: Solubility trapping 

The spatial distributions of the mass fraction of CO2 dissolved in groundwater, pH, 

and TDS (total dissolved solids) in the sandstone aquifer for the base case (Case 3) are 

illustrated in Fig. 2.4. 

The aqueous phase of CO2 is produced by dissolution of the free fluid phase of CO2 

(i.e., solubility trapping) and is present in and around the two-fluid phase region (Fig. 

2.4a). As the aqueous phase of CO2 accumulates in groundwater beneath the cap rock, the 

density of groundwater increases, and thus density-dependent (convective) multiphase 

fluid flow occurs. As a result, the aqueous phase of CO2, which mainly exists at the upper 

part of the sandstone aquifer, moves slowly downward with fingering features (Figs. 2.4b 

and 4c). During a long time period, the aqueous phase of CO2 is reduced due to 

precipitation of the secondary carbonate minerals (Fig. 2.4d). 
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Figure 2.4. Spatial distributions of mass fraction of CO2 dissolved in groundwater after 

(a) 10 years, (b) 200 years, (c) 500 years, and (d) 2,000 years, pH after (e) 10 years, (f) 

200 years, (g) 500 years, and (h) 2,000 years, and TDS after (i) 10 years, (j) 200 years, (k) 

500 years, and (l) 2,000 years in the sandstone aquifer for the base case (Case 3). The 

vertical coordinate axis z is exaggerated 10 times. 
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Dissolution of the free fluid phase of CO2 in groundwater can produce the aqueous 

species of CO2 such as H2CO3, HCO3
-, and CO3

2- and decreases the pH (Fig. 2.4e). In the 

acidic region, where the pH is less than 7.0, hydrogeochemical reactions between 

groundwater and the primary minerals and precipitation of the secondary minerals (i.e., 

mineral trapping) can be activated. In other words, most of dissolution and precipitation 

of the primary and secondary minerals due to CO2 injection occur in the acidic region. 

The acidic region expands upward and laterally along expansion of the two-fluid phase 

region (Fig. 2.4e). Then the acidic region expands downward with the same fingering 

features of the aqueous phase of CO2, whereas the two-fluid phase region remains 

beneath the cap rock (compare Figs. 2.4f and 2.4g with Figs. 2.3f and 2.3g). The extent of 

the acidic region maximizes after about 500 years (Fig. 2.4g) and is then gradually 

reduced due to precipitation of the secondary carbonate minerals (Fig. 2.4h). The pH 

decreases rapidly to about 4.5 in the two-fluid phase region during the CO2 injection 

period of 10 years and then increases gradually to about 6.0 in the two-fluid phase region 

beneath the cap rock and about 8.0 near the bottom of the CO2 injection well until 2,000 

years (Fig. 2.4h). 

The TDS increases in the acidic region until about 500 years because dissolution of 

the primary minerals is dominant than precipitation of the primary and secondary 

minerals (Figs. 2.4i, 2.4j, and 2.4k). Then the TDS decreases gradually in the maximum 

extent of the acidic region (Fig. 2.4g) because precipitation of the primary and secondary 

minerals is dominant than dissolution of the primary and secondary minerals (Fig. 2.4l). 

The TDS increases rapidly to about 140,000 mg/kg H2O in the two-fluid phase region 

during the CO2 injection period of 10 years and then decreases gradually to about 120,000 

mg/kg H2O in the two-fluid phase region beneath the cap rock and about 80,000 mg/kg 

H2O near the bottom of the CO2 injection well until 2,000 years (Fig. 2.4l). 
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2.4.1.3. Precipitation and dissolution of primary and secondary minerals: Mineral 

trapping 

The spatial distributions of the changes in the volume fractions of the primary non-

carbonate minerals (i.e., quartz, K-feldspar, oligoclase, chlorite, illite, and hematite) and 

the secondary non-carbonate minerals (i.e., albite, Na-smectite, Ca-smectite, and 

kaolinite) in the sandstone aquifer for the base case (Case 3) are illustrated in Fig. 2.5. 

Quartz and illite are precipitated in the maximum extent of the acidic region (Fig. 

2.4g) during the total simulation time period of 2,000 years, and more precipitation 

occurs in the acidic region and near the bottom of the CO2 injection well after 2,000 years 

(Figs. 2.5a and 2.5e). K-feldspar and oligoclase are dissolved in the maximum extent of 

the acidic region (Fig. 2.4g) during the total simulation time period of 2,000 years, and 

more dissolution occurs in the acidic region and near the bottom of the CO2 injection well 

after 2,000 years (Figs. 2.5b and 2.5c). Chlorite is dissolved in the acidic region and near 

the bottom of the CO2 injection well after 2,000 years (Fig. 2.5d). Hematite is slightly 

dissolved in the maximum extent of the acidic region (Fig. 2.4g) during the total 

simulation time period of 2,000 years, whereas it is significantly precipitated in the outer 

border of the maximum extent of the acidic region after 2,000 years (Fig. 2.5f). Albite is 

precipitated in the outer border of the maximum extent of the acidic region (Fig. 2.4g) 

during the total simulation time period of 2,000 years, while it is slightly precipitated in 

all the other area after 2,000 years (Fig. 2.5g). Na-smectite and Ca-smectite are 

precipitated in the maximum extent of the acidic region (Fig. 2.4g) during the total 

simulation time period of 2,000 years, and more precipitation occurs in the specific area, 

where r  is between 250 and 400 m, and z  is between 0 and 75 m, after 2,000 years 

(Figs. 2.5h and 2.5i). Kaolinite is rapidly precipitated in the acidic region during the early 

time period of about 1 year and is then completely dissolved and transformed into the  



 

31 
 

 

 

 
Figure 2.5. Spatial distributions of changes in volume fractions of (a) quartz, (b) K-

feldspar, (c) oligoclase, (d) chlorite, (e) illite, (f) hematite, (g) albite, (h) Na-smectite, (i) 

Ca-smectite after 2,000 years, and (j) kaolinite after 1 year in the sandstone aquifer for the 

base case (Case 3). The positive values indicate mineral precipitation, and the negative 

values indicate mineral dissolution. The vertical coordinate axis z is exaggerated 10 times. 

 



 

32 
 

other more stable clay minerals such as illite, Na-smectite, and Ca-smectite (Fig. 2.5j). 

The above-mentioned numerical simulation results (Fig. 2.5) indicate that, when 

chlorite is present as a primary mineral in the sandstone aquifer for the base case (Case 3), 

Mg2+ and Fe2+, which are essential chemical components of the secondary carbonate 

minerals (i.e., siderite, ankerite, and magnesite) for mineral trapping of injected CO2, are 

supplied by dissolution of chlorite. However, some of Mg2+ is consumed by precipitation 

of the multiple clay minerals such as illite, Na-smectite, and Ca-smectite. Their overall 

precipitation amounts (equivalent to stability) are greater in the order of illite, Na-

smectite, and Ca-smectite. On the other hand, some of Fe2+ is consumed by precipitation 

of hematite. 

The spatial distributions of the changes in the volume fractions of the primary 

carbonate mineral (i.e., calcite) and the secondary carbonate minerals (i.e., dawsonite, 

siderite, ankerite, and magnesite) in the sandstone aquifer for the base case (Case 3) are 

illustrated in Fig. 2.6. 

Calcite is significantly dissolved in the acidic region and near the bottom of the CO2 

injection well, whereas it is slightly precipitated in the outer area of these regions after 

2,000 years (Figs. 2.6a and 2.6b). Dawsonite is rapidly precipitated in the acidic region 

during the early time period of about 1 year (Fig. 2.6c) and is then completely dissolved 

and transformed into the other more stable secondary carbonate minerals such as siderite, 

ankerite, and magnesite after 2,000 years (Fig. 2.6d). Siderite is precipitated in the acidic 

region until about 100 years (Fig. 2.6e) and is then dissolved and transformed into the 

other more stable secondary carbonate minerals such as ankerite and magnesite until 

about 500 years. Finally, it is significantly precipitated around the specific area, where r  

is between 400 and 1,700 m, and z  is between 0 and 90 m, after 2,000 years (Fig. 2.6f). 

Ankerite and magnesite are precipitated in the acidic region and near the bottom of the  
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Figure 2.6. Spatial distributions of changes in volume fractions of calcite after (a) 500 

years and (b) 2,000 years, dawsonite after (c) 1 year and (d) 2,000 years, siderite after (e) 

100 years and (f) 2,000 years, ankerite after (g) 500 years and (h) 2,000 years, and 

magnesite after (i) 500 years and (j) 2,000 years in the sandstone aquifer for the base case 

(Case 3). The positive values indicate mineral precipitation, and the negative values 

indicate mineral dissolution. The vertical coordinate axis z is exaggerated 10 times. 
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CO2 injection well after 2,000 years (Figs. 2.6g and 2.6h and Figs. 2.6i and 2.6j). On the 

other hand, dolomite is not precipitated during the total simulation time period of 2,000 

years because it is geochemically more unstable than the other secondary carbonate 

minerals such as dawsonite, siderite, ankerite, and magnesite. 

The above-mentioned numerical simulation results (Fig. 2.6) indicate that, when 

chlorite is present as a primary mineral in the sandstone aquifer for the base case (Case 3), 

mineral trapping of injected CO2 results from precipitation of the multiple secondary 

carbonate minerals such as siderite, ankerite, and magnesite. Their overall precipitation 

amounts (equivalent to stability) are greater in the order of ankerite, magnesite, and 

siderite. Thus ankerite is the most dominant mineral for mineral trapping of injected CO2. 

However, calcite is significantly dissolved and provides Ca2+ and HCO3
- for groundwater, 

and dawsonite is initially precipitated and is then completely dissolved. It means that 

calcite as a primary mineral has an adverse influence on mineral trapping of injected CO2 

although calcite is a most common carbonate mineral, which can trap CO2 as a solid 

phase. 

The spatial distributions of the mass of CO2 stored by mineral trapping (i.e., 

precipitation of the primary and secondary carbonate minerals) in the sandstone aquifer 

for the base case (Case 3) are illustrated in Fig. 2.7. 

The mass of CO2 stored by mineral trapping is negative in the acidic region until 

about 100 years due to dissolution of the primary carbonate mineral such as calcite (Figs. 

2.7a and 2.7b). As time progresses, it becomes positive in the acidic region and then 

increases continuously in the acidic region and near the bottom of the CO2 injection well 

due to precipitation of the secondary carbonate minerals such as siderite, ankerite, and 

magnesite (Figs. 2.7c and 2.7d). The maximum value of the mass of CO2 stored by 

mineral trapping for the base case (Case 3) is about 5.6 kg/m3 near the bottom of the CO2  
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Figure 2.7. Spatial distributions of mass of CO2 stored by mineral trapping after (a) 10 

years, (b) 100 years, (c) 1,000 years, and (d) 2,000 years in the sandstone aquifer for the 

base case (Case 3). The positive values indicate trapping of CO2 by mineral precipitation, 

and the negative values indicate release of CO2 by mineral dissolution. The vertical 

coordinate axis z is exaggerated 10 times. 
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injection well after 2,000 years. 

 

2.4.2. Effects of mineralogical compositions on trapping mechanisms (Cases 1 

to 4) 

The temporal changes in the masses of the primary non-carbonate minerals (i.e., 

quartz, K-feldspar, oligoclase, chlorite, illite, and hematite) and the secondary non-

carbonate minerals (i.e., albite, Na-smectite, Ca-smectite, and kaolinite) in the sandstone 

aquifer for Cases 1 to 4 are plotted in Fig. 2.8. 

The mass of quartz in the sandstone aquifer increases monotonously for all the cases 

(i.e., Cases 1 to 4) for 2,000 years. Its temporal increases after 2,000 years are greater in 

the order of Cases 1, 2, 3, and 4 (Fig. 2.8a). The mass of K-feldspar in the sandstone 

aquifer decreases monotonously for Cases 2 to 4, whereas it does not almost change or 

increases very slightly for Case 1 for 2,000 years. Its temporal decreases after 2,000 years 

are greater in the order of Cases 2, 3, 4, and 1 (close to zero for Case 1) (Fig. 2.8b). The 

mass of oligoclase in the sandstone aquifer decreases monotonously for all the cases (i.e., 

Cases 1 to 4) for 2,000 years. Its temporal decreases after 2,000 years are greater in the 

order of Cases 2, 1, 3, and 4 (Fig. 2.8c). The mass of chlorite in the sandstone aquifer 

decreases monotonously for Cases 2 to 4, whereas it does not change for Case 1 for 2,000 

years. Its temporal decreases after 2,000 years are greater in the order of Cases 4, 3, 2, 

and 1 (zero for Case 1) (Fig. 2.8d). The mass of illite in the sandstone aquifer increases 

monotonously for Cases 2 to 4, whereas it does not almost change or decreases very 

slightly for Case 1 for 2,000 years. Its temporal increases after 2,000 years are greater in 

the order of Cases 2, 3, 4, and 1 (close to zero for Case 1) (Fig. 2.8e). The mass of 

hematite in the sandstone aquifer increases monotonously for Cases 2 to 4, whereas it 

decreases for Case 1 for 2,000 years. Its temporal increases after 2,000 years are greater  
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Figure 2.8. Temporal changes in masses of (a) quartz, (b) K-feldspar, (c) oligoclase, (d) 

chlorite, (e) illite, (f) hematite, (g) albite, (h) Na-smectite, (i) Ca-smectite, and (j) 

kaolinite in the sandstone aquifer for Cases 1 to 4. The positive values indicate mineral 

precipitation, and the negative values indicate mineral dissolution. 
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in the order of Cases 2, 3, 4, and 1 (negative for Case 1) (Fig. 2.8f). The mass of albite in 

the sandstone aquifer does not change until about 500 years and then increases 

monotonously due to recovery of pH for Cases 2 to 4, whereas it increases slightly for 

Case 1 for 2,000 years. Its temporal increases after 2,000 years are greater in the order of 

Cases 3, 2, 4, and 1 (Fig. 2.8g). The masses of Na-smectite and Ca-smectite in the 

sandstone aquifer increase monotonously for Cases 3 to 4, whereas they increase very 

slightly for Cases 1 and 2 for 2,000 years. Their temporal increases after 2,000 years are 

greater in the order of Cases 4, 3, 2, and 1 (close to zero for Cases 1 and 2) (Figs. 2.8h 

and 2.8i). The mass of kaolinite in the sandstone aquifer does not change until about 500 

years and then increases monotonously for Case 1, whereas it does not change for Cases 2 

to 4 for 2,000 years (Fig. 2.8j). 

The above-mentioned numerical simulation results (Fig. 2.8) suggest that K-feldspar 

is dissolved when chlorite is present as a primary mineral in the sandstone aquifer (i.e., 

Cases 2 to 4), and it is less dissolved as the volume fraction of chlorite increases. 

Oligoclase is dissolved for all the cases (i.e., Cases 1 to 4), and it is less dissolved as the 

volume fraction of chlorite increases when chlorite is present as a primary mineral in the 

sandstone aquifer (i.e., Cases 2 to 4). Chlorite is more dissolved and thus provides more 

Mg2+ and Fe2+ for groundwater as the volume fraction of chlorite increases when chlorite 

is present as a primary mineral in the sandstone aquifer (i.e., Cases 2 to 4). However, 

quartz is precipitated for all the cases (i.e., Cases 1 to 4), and it is less precipitated as the 

volume fraction of chlorite increases. Illite is precipitated when chlorite is present as a 

primary mineral in the sandstone aquifer (i.e., Cases 2 to 4), and it is less precipitated as 

the volume fraction of chlorite increases. Albite is precipitated for all the cases (i.e., 

Cases 1 to 4), and albitization of oligoclase is intensified when chlorite is present as a 

primary mineral in the sandstone aquifer (i.e., Cases 2 to 4). Na-smectite and Ca-smectite 
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are precipitated for all the cases (i.e., Cases 1 to 4), and they are more precipitated as the 

volume fraction of chlorite increases because they need Mg2+. Kaolinite is precipitated 

when chlorite is absent as a primary mineral in the sandstone aquifer (i.e., Case 1) 

because kaolinite does not need Mg2+ and Fe2+. On the other hand, hematite provides Fe2+ 

for groundwater by its dissolution when chlorite is absent as a primary mineral in the 

sandstone aquifer (i.e., Case 1), whereas it consumes Fe2+ from groundwater by its 

precipitation when chlorite is present as a primary mineral in the sandstone aquifer (i.e., 

Cases 2 to 4). 

The temporal changes in the masses of the primary carbonate mineral (i.e., calcite) 

and the secondary carbonate minerals (i.e., dawsonite, siderite, ankerite, and magnesite) 

in the sandstone aquifer for Cases 1 to 4 are plotted in Fig. 2.9. 

The mass of calcite in the sandstone aquifer decreases until about 400 years for Case 

1 and about 1,400 years for Case 2 and then increases slightly, whereas it decreases 

monotonously for Cases 3 and 4 for 2,000 years. Its temporal decreases after 2,000 year 

are greater in the order of Cases 4, 3, 2, and 1 (positive for Case 1) (Fig. 2.9a). The mass 

of dawsonite in the sandstone aquifer increases monotonously for Case 1, whereas it does 

not change for Cases 2 to 4 for 2,000 years (Fig. 2.9b). The mass of siderite in the 

sandstone aquifer increases rapidly until about 100 years, then decreases rapidly until 

about 200 years, and eventually increases again after about 1,000 years due to recovery of 

pH for Cases 2 to 4, whereas it increases slightly for Case 1 for 2,000 years. Its temporal 

increases after 2,000 years are greater in the order of Cases 2, 3, 4, and 1 (Fig. 2.9c). The 

mass of ankerite in the sandstone aquifer does not change during the early time period 

and then increases monotonously after about 100 years for Cases 2 to 4, whereas it does 

not change for Case 1 for 2,000 years. Its temporal increases after 2,000 years are greater 

in the order of Cases 4, 3, 2, and 1 (zero for Case 1) (Fig. 2.9d). The mass of magnesite in  
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Figure 2.9. Temporal changes in masses of (a) calcite, (b) dawsonite, (c) siderite, (d) 

ankerite, and (e) magnesite in the sandstone aquifer for Cases 1 to 4. The positive values 

indicate mineral precipitation, and the negative values indicate mineral dissolution. 
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the sandstone aquifer does not change during the early time period and then increases 

monotonously after about 200 years for Case 4, about 300 years for Case 3, and about 

600 years for Case 2, whereas it does not change for Case 1 for 2,000 years. Its temporal 

increases after 2,000 years are greater in the order of Cases 4, 3, 2, and 1 (zero for Case 1) 

(Fig. 2.9e). On the other hand, dolomite is not precipitated for all the cases (i.e., Cases 1 

to 4) for 2,000 years because it is geochemically more unstable than the other secondary 

carbonate minerals such as dawsonite, siderite, ankerite, and magnesite. 

The above-mentioned numerical simulation results (Fig. 2.9) suggest that calcite is 

dissolved when chlorite is present as a primary mineral in the sandstone aquifer (i.e., 

Cases 2 to 4), and it is more dissolved and thus provides more Ca2+ and HCO3
- for 

groundwater as the volume fraction of chlorite increases. Dawsonite is precipitated when 

chlorite is absent as a primary mineral in the sandstone aquifer (i.e., Case 1) because 

dawsonite does not need Mg2+ and Fe2+. Siderite is initially precipitated, then dissolved, 

and eventually precipitated when chlorite is present as a primary mineral in the sandstone 

aquifer (i.e., Cases 2 to 4), and it is less precipitated as the volume fraction of chlorite 

increases because siderite is geochemically more unstable than the other secondary 

carbonate minerals such as ankerite and magnesite under the acidic condition, and both 

siderite and ankerite need Fe2+. Ankerite is precipitated when chlorite is present as a 

primary mineral in the sandstone aquifer (i.e., Cases 2 to 4), and it is more precipitated as 

the volume fraction of chlorite increases because ankerite needs Mg2+ and Fe2+. 

Magnesite is precipitated when chlorite is present as a primary mineral in the sandstone 

aquifer (i.e., Cases 2 to 4), and it is more precipitated as the volume fraction of chlorite 

increases because magnesite needs Mg2+. 

In summary, the numerical simulation results plotted in Figs. 2.8 and 2.9 show that 

precipitation and dissolution of the primary and secondary minerals are significantly 
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influenced by the mineralogical compositions of the sandstone aquifer with respect to the 

volume fraction of chlorite. The precipitation and dissolution rates and amounts of the 

primary and secondary minerals depend significantly on the concentrations of Mg2+ and 

Fe2+, which are mainly provided by dissolution of chlorite, in groundwater and thus the 

volume fraction of chlorite in the sandstone aquifer. In addition, the patterns of 

precipitation and dissolution of the primary and secondary carbonate minerals for Case 1 

are quite different from those for Cases 2 to 4. These differences, which are interpreted in 

the following two paragraphs, arise because Mg2+ and Fe2+ are required for precipitation 

of the primary minerals such as illite and hematite and the secondary minerals such as 

siderite, ankerite, magnesite, Na-smectite, and Ca-smectite. On the other hand, the natural 

analogs to the numerical simulation results (Figs. 2.8 and 2.9) are discussed in Section 

2.5.3 for the purpose of validation. 

Temporal changes in the masses of CO2 stored by mineral trapping as calcite, 

dawsonite, siderite, ankerite, and magnesite for Cases 1 to 4 are illustrated in Fig. 2.10. 

When chlorite is absent as a primary mineral in the sandstone aquifer (i.e., Case 1), 

mineral trapping of injected CO2 results from precipitation of the primary carbonate 

mineral such as calcite and the secondary carbonates minerals such as dawsonite and 

siderite, and dawsonite is the most dominant mineral for mineral trapping of injected CO2 

(Fig. 2.10a). In contrast, when chlorite is present as a primary mineral in the sandstone 

aquifer (i.e., Cases 2 to 4), mineral trapping of injected CO2 results from precipitation of 

the secondary carbonate minerals such as siderite, ankerite, and magnesite, and ankerite is 

the most dominant mineral for mineral trapping of injected CO2 (Figs. 2.10b, 2.10c, and 

2.10d). 

When chlorite is absent as a primary mineral in the sandstone aquifer (i.e., Case 1), 

Mg2+ and Fe2+ are not provided into groundwater by dissolution of chlorite, and a small  
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Figure 2.10. Temporal changes in masses of CO2 stored by mineral trapping as calcite, 

dawsonite, siderite, ankerite, and magnesite in the sandstone aquifer for (a) Case 1, (b) 

Case 2, (c) Case 3, and (d) Case 4. The positive values indicate trapping of CO2 by 

mineral precipitation, and the negative values indicate release of CO2 by mineral 

dissolution. 
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amount of Fe2+ is provided into groundwater by dissolution of hematite. Oligoclase is 

dissolved, and it leads to precipitation of quartz, dawsonite, kaolinite, and albite rather 

than precipitation of the Mg2+-bearing clay minerals such as illite, Na-smectite, and Ca-

smectite. As time progresses, dawsonite is precipitated under the high CO2 partial 

pressure, then kaolinite is precipitated under the intermediate to low CO2 partial pressure, 

and finally albite is precipitated under the high pH condition. As a result of insufficient 

Mg2+ in groundwater, illite is not almost precipitated, and thus K-feldspar is not almost 

dissolved because they are competitive to each other as a consumer and a provider of K+. 

Among the multiple carbonate minerals, dawsonite is mainly precipitated, and siderite is 

very slightly precipitated, while ankerite and magnesite are not precipitated. Calcite is 

initially dissolved and is then slightly precipitated. It means that dawsonite and calcite are 

more stable than siderite, ankerite, and magnesite when Mg2+ and Fe2+ are not provided 

by dissolution of chlorite. Thus dawsonite is the most dominant mineral for mineral 

trapping of injected CO2 when chlorite is absent as a primary mineral in the sandstone 

aquifer (i.e., Case 1). 

When chlorite is present as a primary mineral in the sandstone aquifer (i.e., Cases 2 to 

4), Mg2+ and Fe2+ are mainly provided into groundwater by dissolution of chlorite, while 

Fe2+ is consumed from groundwater by precipitation of hematite. Oligoclase is dissolved, 

and it leads to precipitation of quartz, albite, and the Mg2+-bearing clay minerals such as 

Na-smectite and Ca-smectite rather than precipitation of dawsonite and kaolinite. As time 

progresses, albitization of oligoclase is intensified due to no precipitation of dawsonite 

and kaolinite. As a result of sufficient Mg2+ in groundwater, illite is precipitated, and thus 

K-feldspar is dissolved because they are competitive to each other as a consumer and a 

provider of K+. Among the multiple carbonate minerals, ankerite is mainly precipitated, 

magnesite is moderately precipitated, and siderite is less precipitated, while dawsonite is 



 

45 
 

not precipitated. Ankerite is precipitated faster than magnesite. Calcite is significantly 

dissolved. It means that ankerite, magnesite, and siderite are more stable than dawsonite 

and calcite when Mg2+ and Fe2+ are provided by dissolution of chlorite. Thus ankerite is 

the most dominant mineral for mineral trapping of injected CO2 when chlorite is present 

as a primary mineral in the sandstone aquifer (i.e., Cases 2 to 4). 

The spatial distributions of the masses of CO2 stored by mineral trapping after 2,000 

years in the sandstone aquifer for Cases 1 to 4 are illustrated in Fig. 2.11. It shows that 

most of mineral trapping of injected CO2 occurs in the acidic region and continues until 

2,000 years in the maximum extent of the acidic region (Fig. 2.4g), and the amount and 

thus the efficiency of mineral trapping of injected CO2 increases as the volume fraction of 

chlorite increases from Case 1 to Case 4. 

The temporal changes in the mass fractions of CO2 stored by the three trapping 

mechanisms (i.e., hydrodynamic trapping, solubility trapping, and mineral trapping) in 

the sandstone aquifer for Cases 1 to 4 are plotted in the left column of Fig. 2.12 (Figs. 

2.12a, 2.12c, 2.12e, and 2.12g). The mass of CO2 stored by hydrodynamic trapping (i.e., 

free fluid phase of CO2) increases rapidly during the CO2 injection period of 10 years and 

then eventually decreases gradually due to both solubility trapping (i.e., dissolution of the 

free fluid phase of CO2 into groundwater) and mineral trapping (i.e., precipitation of the 

primary and secondary carbonate minerals). On the other hand, the mass of CO2 stored by 

solubility trapping (i.e., aqueous phases of CO2) increases gradually toward its maximum 

point and then eventually decreases due to mineral trapping (i.e., precipitation of the 

primary and secondary carbonate minerals). As a result, the mass of CO2 stored by 

mineral trapping (i.e., solid phases of CO2) increases gradually with time. Such trends are 

more prominent as the volume fraction of chlorite increases from Case 1 to Case 4 (Figs. 

2.12a, 2.12c, 2.12e, and 2.12g). These results show that the presence of chlorite plays  
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Figure 2.11. Spatial distributions of masses of CO2 stored by mineral trapping after 2,000 

years in the sandstone aquifer for (a) Case 1, (b) Case 2, (c) Case 3, and (d) Case 4. The 

positive values indicate trapping of CO2 by mineral precipitation, and the negative values 

indicate release of CO2 by mineral dissolution. The vertical coordinate axis z is 

exaggerated 10 times. 
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Figure 2.12. Temporal changes in mass fractions of CO2 stored by three trapping 

mechanisms in the sandstone aquifer for (a) and (b) Case 1, (c) and (d) Case 2, (e) and (f) 

Case 3, and (g) and (h) Case 4 under convective fluid flow (left column) and non-

convective fluid flow (right column). The vertical arrows indicate the maximum mass 

fractions of CO2 stored by solubility trapping. 
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important roles in reducing hydrodynamic trapping (i.e., free fluid phase of CO2) and 

solubility trapping (i.e., aqueous phases of CO2) and thus in increasing mineral trapping 

(i.e., solid phases of CO2) and enhancing the long-term stability of geologic storage of 

CO2. 

The changes in the mass fractions of CO2 stored by the three trapping mechanisms 

with respect to the volume fraction of chlorite (i.e., Cases 1 to 4) after 2,000 years are 

plotted in Fig. 2.13a. As the volume fraction of chlorite increases, the mass of CO2 stored 

by mineral trapping increases significantly from 34.67% to 50.51%, whereas the masses 

of CO2 stored by hydrodynamic trapping and solubility trapping decrease from 42.93% to 

29.47% and from 25.67% to 20.02%, respectively. These results show that the long-term 

stability and efficiency of the trapping mechanisms of injected CO2 are strongly affected 

by the mineralogical compositions of the sandstone aquifer with respect to the volume 

fraction of chlorite. 

 

2.4.3. Effects of convective fluid flow on trapping mechanisms (Cases 1 to 4) 

In order to evaluate impacts of convective fluid flow on the trapping mechanisms and 

efficiency of injected CO2 for Cases 1 to 4, a series of additional numerical simulations, 

which consider density-independent (non-convective) multiphase fluid flow, is also 

performed. Then its results (the right columns of Figs. 2.12 and 2.13) are compared with 

those (the left columns of Figs. 2.12 and 2.13) of the above-mentioned numerical 

simulations, which consider density-dependent (convective) multiphase fluid flow, for 

each case. 

As mentioned in the preceding section (left column of Fig. 2.12), the mass of CO2 

stored by solubility trapping (i.e., dissolution of the free fluid phase of CO2 into 

groundwater) increases gradually toward its maximum point and then eventually  
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Figure 2.13. Changes in mass fractions of CO2 stored by three trapping mechanisms with 

respect to volume fraction of chlorite after 2,000 years in the sandstone aquifer for Cases 

1 to 4 under (a) convective fluid flow and (b) non-convective fluid flow. 

 



 

50 
 

decreases due to mineral trapping (i.e., precipitation of the primary and secondary 

carbonate minerals) for each case. As a result, the mass of CO2 stored by hydrodynamic 

trapping (i.e., free fluid phase of CO2) eventually decreases gradually with time. At the 

maximum point, the mass fraction of CO2 stored by solubility trapping begins to decrease, 

and the rate of mineral trapping becomes faster than the rate of solubility trapping for 

each case. Such a maximum mass fraction of CO2 stored by solubility trapping occurs 

faster and is greater under convective fluid flow than under non-convective fluid flow for 

each case (compare the left column of Fig. 2.12 with the right column of Fig. 2.12). In 

addition, the timing, when the mass fraction of CO2 stored by mineral trapping becomes 

greater than the mass fraction of CO2 stored by solubility trapping, occurs faster under 

convective fluid flow than under non-convective fluid flow for each case. As a result, the 

mass fraction of CO2 stored by mineral trapping is greater under convective fluid flow 

than under non-convective fluid flow after 2,000 years for each case. Such an increase in 

the mass fraction of CO2 stored by mineral trapping under convective fluid flow after 

2,000 years is compensated with decreases in the mass fractions of CO2 stored by 

hydrodynamic trapping and even solubility trapping for each case. These results show 

that convective fluid flow plays important roles in reducing the free fluid phase of CO2 

(i.e., hydrodynamic trapping) and thus in enhancing the aqueous and solid phases of CO2 

(i.e., initially solubility trapping and then mineral trapping) for all the cases (i.e., Cases 1 

to 4). It arises because convective fluid flow does not only mix CO2-saturated 

groundwater with CO2-unsaturated groundwater but also expands the overlying acidic 

region downward with fingering features during a long time period (Fig. 2.4). 

As mentioned in the preceding section (Fig. 2.13a), as the volume fraction of chlorite 

increases, the mass of CO2 stored by mineral trapping increases significantly, whereas the 

masses of CO2 stored by hydrodynamic trapping and even solubility trapping decrease. In 
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such a trend, mineral trapping is more prominent under convective fluid flow than under 

non-convective fluid flow (compare Fig. 2.13a with Fig. 2.13b). These results show that 

long-term stability and efficiency of the trapping mechanisms of injected CO2 are 

strongly affected by convective fluid flow. On the other hand, the differences in the mass 

fractions of CO2 stored by mineral trapping between the cases under convective fluid 

flow and the cases under non-convective fluid flow decrease as the volume fraction of 

chlorite increases (compare Fig. 2.13a with Fig. 2.13b). It indicates that the effect of 

convective fluid flow on mineral trapping of injected CO2 decreases as the volume 

fraction of chlorite increases. It arises because the efficiency of mineral trapping depends 

more on the chemical precipitation rates of the carbonate minerals rather than the physical 

downward expansion of the acidic region under convective fluid flow. 

 

2.5. Discussions 

 

2.5.1. Importance of chlorite as a primary mineral 

Chlorite is a very important primary mineral in sandstones for geologic storage of 

CO2 because it is dissolved in groundwater under a wide range of CO2 partial pressure 

and low pH conditions (Xu et al., 2001). Thus chlorite can provide cations such as Mg2+ 

and Fe2+, which are essential chemical components of secondary carbonate minerals (i.e., 

siderite, ankerite, and magnesite) for mineral trapping of injected CO2. The CO2 

sequestration potential of chlorite is equal to 923.4 kg of CO2 per 1 m3 of its volume (Xu 

et al., 2001). 

Chlorite is commonly present in sandstones worldwide. In Canada, Carrigy and 

Mellon (1964) reported the natural presence of chlorite in Cretaceous and Tertiary 

sandstones, Alberta. In USA, several field observations reported the natural presence of 
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chlorite in some areas (e.g., Boles and Franks, 1979; Loucks et al., 1984; Lu et al., 2012). 

Boles and Franks (1979) reported the natural presence of chlorite (relative chlorite X-ray 

intensity = -0.42 to 0.02) in deep core samples of the Lower Eocene Wilcox Group, 

southwestern Texas. Loucks et al. (1984) reported about 4.55 volume % ripidolite (Mg2+-

rich chlorite), 2.68 volume % clinochlore (Mg2+ end-member of chlorite), and 1.42 

volume % daphnite (Fe2+ end-member of chlorite) in the Lower Tertiary Frio Formation, 

Gulf Coast. Lu et al. (2012) reported about 11.8 (4.7 to 18.8) weight % chlorite 

(chamosite) in the Upper Cretaceous Lower Tuscaloosa Formation, Mississippi. In Korea, 

Noh and Park (1990), Lee (2000), Lim (2000), and Lee and Lim (2008) reported about 

6.93 (0.00 to 9.00) volume % chlorite in the Cretaceous Hasandong Formation, 

Gyeongsang Basin. In North Sea, Pearce et al. (1999) reported about 1.33 volume % 

chlorite in the Miocene to Early Pliocene Utsira Formation, Sleipner. In Saudi Arabia, 

Nasr-El-Din et al. (2003) reported about 0 to 1 weight % chlorite in an oil reservoir 

(Permian Unayzah-A Formation) of the Oil Field H. In Australia, Watson et al. (2004) 

reported about 6 to 9 weight % chlorite in the Katnook gas reservoir and about 0 to 2 

weight % chlorite in the Ladbroke Grove gas reservoir of the Cretaceous Pretty Hill 

Formation, western Otway Basin. In Japan, Zwingmann et al. (2005) and reported about 

1.1 volume % chlorite in the Pleistocene Haizume Formation, Niigata Basin. In Italy, 

Gherardi et al. (2007) reported about 9 volume % chlorite in a depleted gas reservoir. In 

China, Zhang et al. (2009) reported about 2.68 volume % chlorite in the Lower 

Cretaceous Quantou Formation, Songliao Basin. In the above-mentioned sandstones, 

chlorite is included in detrital rock fragments or occurs as cements or intergranular 

coating materials, and it sometimes replaces clay minerals such as kaolinite and smectite 

during diagenesis. 

Based on such field observations, most hydrogeochemical numerical simulations for 
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geologic storage of CO2 in sandstones considered chlorite as a primary mineral (e.g., Xu 

et al., 2003; Xu et al., 2005; Xu et al., 2006; Gherardi et al., 2007; Xu et al., 2007; Kihm 

et al., 2009; Zhang et al., 2009). In addition, some of these studies (e.g., Xu et al., 2007; 

Kihm et al., 2009; Zhang et al., 2009) show that mineral trapping of injected CO2 is 

strongly affected by chlorite in sandstones. Thus, in this study, chlorite is considered as a 

primary mineral in the sandstone aquifer. 

 

2.5.2. Choice of dawsonite as a secondary mineral 

Dawsonite is not a common carbonate mineral compared with the other carbonate 

minerals (i.e., calcite, siderite, ankerite, magnesite, and dolomite). However, dawsonite is 

thermodynamically stable under high CO2 partial pressure conditions and a wide range of 

pH (Worden, 2006). Thus it can be precipitated and trap injected CO2 even under 

unfavorable conditions for mineral trapping of injected CO2, for example, when cations 

such as Ca2+, Mg2+, and Fe2+, which are essential chemical components of the other 

carbonate minerals, do not exist in groundwater. 

Several field observations reported the natural occurrence of dawsonite in natural gas, 

CO2, and oil reservoirs (sandstones), which were exposed to CO2 accumulation associated 

with magmatic or volcanic activity (e.g., Baker et al., 1995; Moore et al., 2005; Worden, 

2006; Wilkinson et al., 2009). Baker et al. (1995) reported about 3.5 (up to 13.4) 

volume % dawsonite in gas reservoirs (Permo-Triassic Cattle Creek Formation, 

Alderbaran Sandstone, Freitag Formation, Black Jack Formation, Berry Formation, and 

Wilton Formation) of the Bowen, Gunnedah, and Sydney (BGS) Basins, eastern Australia. 

Moore et al. (2005) reported about 5 to 17 weight % dawsonite in a CO2 reservoir 

(Permian Supai Formation) of the Springerville-St. Johns CO2 Field, eastern Arizona and 

western New Mexico, USA. Worden (2006) reported up to 8 volume % dawsonite in an 
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oil reservoir (Triassic Lam Formation) of the Shabwa Basin, Yemen. Wilkinson et al. 

(2009) reported about 0.4 (0.1 to 0.8) weight % dawsonite in a gas reservoir (Permian 

Rotliegend Group) of the Fizzy Gas Field, North Sea. 

Based on such field observations, most hydrogeochemical numerical simulations for 

geologic storage of CO2 in sandstones considered dawsonite as a secondary carbonate 

mineral for mineral trapping of injected CO2 (e.g., Xu et al., 2003; Johnson et al., 2004; 

White et al., 2005; Xu et al., 2005; Xu et al., 2006; Gherardi et al., 2007; Xu et al., 2007; 

Kihm et al., 2009; Zhang et al., 2009). All of these studies show that dawsonite is 

precipitated and traps injected CO2 as a solid phase. Thus, in this study, dawsonite is 

considered as a secondary carbonate mineral for mineral trapping of injected CO2 in the 

sandstone aquifer. 

 

2.5.3. Natural analogs to numerical simulations 

Baker et al. (1995) investigated mineralogy, geochemistry, and diagenesis of gas 

reservoirs (Permo-Triassic Cattle Creek Formation, Alderbaran Sandstone, Freitag 

Formation, Black Jack Formation, Berry Formation, and Wilton Formation) in the Bowen, 

Gunnedah, and Sydney (BGS) Basins, eastern Australia. The formations consist of poorly 

to very well sorted, fine- to very coarse-grained, sandstones (quartzarenites, 

sublitharenites, and litharenites). The formations (up to 33 mole % CO2 in Alderbaran 

Sandstone) were exposed to high CO2 influx (accumulation) likely due to deep magmatic 

or igneous activity, which occurred to the Tertiary. They observed that detrital plagioclase 

was entirely altered, and detrital K-feldspar was slightly altered, while authigenic 

dawsonite and kaolinite were widely distributed as cements, replacements of framework 

grains, and pore-filling materials in the gas reservoirs. It suggests that plagioclase was 

significantly dissolved, and K-feldspar was almost not dissolved, while dawsonite and 
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kaolinite were significantly precipitated under high CO2 concentration of deep magmatic 

origins in the gas reservoirs. Such mineralogical changes due to CO2 accumulation 

observed in the gas reservoirs are consistent with the results of the numerical simulations 

when chlorite is initially absent in the sandstone aquifer (i.e., Case 1) in this study (Figs. 

2.8b, 2.8c, and 2.8j and Fig. 2.9b). 

Watson et al. (2004) investigated mineralogy, geochemistry, and diagenesis of a gas 

reservoir (Cretaceous Pretty Hill Formation) in the Ladbroke Grove and Katnook Gas 

Fields, the western Otway Basin, Australia. The Pretty Hill Formation consists of well-

sorted, fine- to medium-grained, lithic-rich sandstones. The Pretty Hill Formation in the 

Ladbroke Grove Gas Field (26 to 57 mole % CO2) was exposed to high CO2 influx 

(accumulation) due to recent volcanic activity, which began in the Pleistocene (less than 1 

Ma), whereas the same formation in the Katnook Gas Field (less than 1 mole % CO2) did 

not experience such CO2 accumulation. They observed that the volume fractions of 

feldspar (K-feldspar and sodium-rich plagioclase), calcite, chlorite, and rock fragments 

decreased, while the volume fractions of quartz, kaolinite, ankerite, and siderite increased 

in the CO2-rich Ladbroke Grove gas reservoir compared with the CO2-poor Katnook gas 

reservoir. It suggests that feldspar, calcite, and chlorite were dissolved, while quartz and 

kaolinite were precipitated under high CO2 concentration, and then CO2 was mainly 

mineralized by precipitation of ankerite and siderite in the CO2-rich Ladbroke Grove gas 

reservoir. Such mineralogical changes due to CO2 accumulation observed in the CO2-rich 

Ladbroke Grove gas reservoir are consistent with the results of the numerical simulations 

when chlorite is initially present in the sandstone aquifer (i.e., Cases 2 to 4) in this study 

(Figs. 2.8a, 2.8b, 2.8c, 2.8d, and 2.8j and Figs. 2.9a, 2.9c, and 2.9d). The precipitation and 

dissolution of the multiple carbonate minerals (i.e., calcite, siderite, and ankerite) are also 

consistent with the results of the numerical simulations for Cases 2 to 4 in this study. 



 

56 
 

Moore et al. (2005) investigated mineralogy, geochemistry, and diagenesis of a CO2 

reservoir (Permian Supai Formation) in the Springerville-St. Johns CO2 Field, eastern 

Arizona and western New Mexico, USA. The Supai Formation consists dominantly of red, 

fine-grained siltstones intercalated with minor sandstone, mudstone, limestone, anhydrite, 

and dolomite beds. The Supai Formation was exposed to high CO2 influx (accumulation) 

due to recent volcanic activity, which ended in the late Pleistocene (about 0.3 Ma), and 

was then experienced low CO2 concentration due to its migration and leakage up to the 

ground surface forming extensive travertine (CaCO3) deposits. They observed that 

dissolution of authigenic carbonate (calcite and dolomite) cements and detrital feldspar 

(K-feldspar and plagioclase) grains led to precipitation of dawsonite and kaolinite in the 

CO2 reservoir. Their geochemical simulations also suggests that dawsonite was 

precipitated first under high CO2 concentration due to its accumulation in the CO2 

reservoir, and then kaolinite was precipitated under low CO2 concentration due to its 

leakage from the CO2 reservoir. Such mineralogical changes due to CO2 accumulation 

and leakage observed in the Springerville-St. Johns CO2 reservoir are consistent with the 

results of the numerical simulations when chlorite is initially absent in the sandstone 

aquifer (i.e., Case 1) in this study (Figs. 2.8b, 2.8c, and 2.8j and Figs. 2.9a and 2.9b). The 

sequential precipitation of dawsonite and kaolinite is also consistent with the results of 

the numerical simulations for Case 1 in this study. 

Worden (2006) investigated mineralogy, geochemistry, and diagenesis of an oil 

reservoir (Triassic Lam Formation) in the Shabwa Basin, Yemen. The Lam Formation 

consists of thin-bedded, poorly to moderately sorted, turbidite sandstones (subarkosic to 

sublithic arenites) interbedded with black laminated organic-rich pelagic mudstones. The 

Lam Formation was exposed to high CO2 influx (accumulation) possibly due to deep 

magmatic or igneous activity, which occurred in the Late Cretaceous to Pleistocene. He 
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observed that many detrital plagioclase grains were entirely replaced by authigenic 

dawsonite cements, and detrital perthite grains had their albite portion replaced by 

authigenic dawsonite cements leaving detrital K-feldspar grains largely intact in the oil 

reservoir. It suggests that plagioclase was significantly dissolved, and K-feldspar was 

almost not dissolved, while dawsonite was significantly precipitated under high CO2 

concentration of deep magmatic origins in the CO2-rich oil reservoir. Such mineralogical 

changes due to CO2 accumulation observed in the CO2-rich oil reservoir are consistent 

with the results of the numerical simulations when chlorite is initially absent in the 

sandstone aquifer (i.e., Case 1) in this study (Figs. 2.8b and 2.8c and Figure 2.9b). 

Wilkinson et al. (2009) investigated mineralogy, geochemistry, and diagenesis of a 

gas reservoir (Permian Rotliegend Group) in the Fizzy and Orwell Gas Fields, North Sea. 

The Rotliegend Group consists predominantly of gray, eolian dune to subordinate 

interdune facies, sandstones (sublitharenites). The Rotliegend Group in the Fizzy Gas 

Field (about 50 mole % CO2) was exposed to high CO2 influx (accumulation) likely due 

to thermal alteration of sediments or mantle degassing, which began at least in the Eocene 

(at least 50 Ma), whereas the same group in the Orwell Gas Field (less than 2 mole % 

CO2) did not experience such CO2 accumulation. They observed that plagioclase was 

completely absent, and K-feldspar remained unaltered, while dolomite and dawsonite 

were present as cements, and kaolin (kaolinite) was present as discrete grain-size clusters 

in the Fizzy and Orwell gas reservoirs. It suggests that plagioclase was significantly 

dissolved, and K-feldspar was not almost dissolved, while dolomite, dawsonite, and 

kaolinite were precipitated in the Fizzy and Orwell gas reservoirs. They also observed 

that dawsonite was more abundant in the CO2-rich Fizzy gas reservoir, and kaolin 

(kaolinite) was more abundant in the CO2-poor Orwell gas reservoir. It suggests that 

dawsonite was more precipitated under high CO2 concentration in the CO2-rich Fizzy gas 
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reservoir, and kaolinite was more precipitated under low CO2 concentration in the CO2-

poor Orwell gas reservoir. Such mineralogical changes due to CO2 accumulation 

observed in the CO2-rich Fizzy gas reservoir are consistent with the results of the 

numerical simulations when chlorite is initially absent in the sandstone aquifer (i.e., Case 

1) in this study (Figs. 2.8b, 2.8c, and 2.8j and Fig. 2.9b). 

In summary, among the above-mentioned five natural gas, CO2, and oil reservoirs 

(sandstones), the second reservoir (Watson et al., 2004) only has a significant source of 

Mg2+ and Fe2+ (i.e., chlorite) so that it becomes a natural analog to the results of the 

numerical simulations when chlorite is initially present in the sandstone aquifer (i.e., 

Cases 2 to 4) in this study. Thus the other four natural reservoirs (Baker et al., 1995; 

Moore et al., 2005; Worden, 2006; Wilkinson et al., 2009) become natural analogs to the 

results of the numerical simulations when chlorite is initially absent in the sandstone 

aquifer (i.e., Case 1) in this study. These five natural reservoirs act as excellent natural 

analogs for the study of geologic storage of CO2 in sandstones during long time periods to 

validate the results of the numerical simulations for all the cases (i.e., Cases 1 to 4) in this 

study. Such validation includes precipitation and dissolution of the multiple carbonate 

minerals (i.e., calcite, dawsonite, siderite, and ankerite) due to geologic storage of CO2 in 

the sandstone aquifer in this study. However, precipitation and dissolution of illite, 

hematite, Na-smectite, Ca-smectite, and magnesite and albitization of oligoclase due to 

geologic storage of CO2 in the sandstone aquifer in this study are not observed in the 

above-mentioned five natural reservoirs. This results from the differences in primary 

mineral assemblages as well as hydrogeochemical conditions, amounts of CO2 

accumulation, and periods of exposure to CO2 between the sandstone aquifer and the five 

natural reservoirs. 
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2.5.4. Limitation of numerical simulations and further study suggestion 

Kaszuba et al. (2003, 2005) suggested that precipitation of carbonate mineral (siderite 

and magnesite), clay minerals (i.e. kaolinite), or silicate mineral (quartz, chalcedony, and 

amorphous silica) can lead to plugging of pore space. This plugging reduces the 

permeability of aquifers, and thus it causes abrupt pressure build-up. In recent, Shao et al. 

(2011) showed that amorphous silica precipitates by CO2-brine-mienral reaction and 

silica particles clogs the pore throats in nano scale. Hu et al. (2011) also showed that 

goethite and kaolinite precipitate at the edge surfaces of biotite due to CO2-brine-biotite 

reaction. These observations in nano scale indicate that a significant decrease of 

permeability may occur without a significant change in porosity. However, in the 

TOUGHREACT (Xu et al., 2004b, 2006), alteration of reactive surface area due to 

mineral reactions did not considered, and reactive surface was not related with shape of 

mineral crystal and thus pore structure. It means that decrease of permeability due to 

mineral precipitation is only considered by the porosity-permeability relationships such as 

the model of Kozeny and Carman (Kozeny, 1927; Carman, 1937) or the model of Verma 

and Pruess (1988) with a more sensitive coupling of permeability to porosity. These 

models are based on total porosity change, and thus they are not sensitive to individual or 

several minerals precipitation and cannot treat the permeability changes due to clogging 

pore throats in pore scale. To overcome this limitation, more rigorous model, which can 

consider porosity and permeability changes due to mineral reactions in pore scale, must 

be developed. 

Gaus et al. (2008) reviewed comprehensively the previous studies, discussed on 

contributions of geochemical and solute transport modeling to CO2 storage, and identified 

three main issues for reliability of geochemical modeling as follows: properties of CO2 

and brine, mineralogical compositions and their thermodynamic characteristics, and 
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kinetic data and rate law. Xu et al. (2011) also discussed on importance and utilization of 

reactive transport modeling for geologic storage of CO2 and suggested that reliable 

reaction rates of precipitation and dissolution of minerals in field are the bottle neck to 

evaluate long-term mineral trapping of CO2. Thus the kinetic reactions of minerals and 

their parameters are most important to predict long-term trapping mechanisms of CO2. As 

mentioned above, the kinetic reaction rates depend on the kinetic rate constants and the 

specific reactive surface area (see section 2.3.3). Palandri and Kharaka (2004) reviewed 

and complied comprehensively the experimental data by many researchers, and provided 

parameters for the kinetic rate constants of most of the rock-forming minerals. It is very 

useful for hydrogeochemcal modeling including kinetic reactions and it must be 

continuously updated and validated in field scale. The more serious issue is the specific 

reactive surface area because the specific reactive surface area varies between 1 and 3 

orders of magnitudes according to assumptions (White and Peterson, 1990; Lasaga, 1995; 

Sonnenthal et al., 2005; Zerai et al., 2006; Xu et al., 2007). The specific reactive surface 

area can cause a high uncertainty to predict of long-term trapping mechanisms of CO2. 

Several studies of the hydrogeochemical numerical simulations (i.e., Xu et al., 2005; Xu 

et al., 2007; Zhang et al., 2009), which include the sensitivity tests for the kinetic reaction 

parameters, have been performed. Therefore, the hydrogeochemical reactions and thus 

mineral trapping efficiency analyzed in this study must be carefully used considering the 

results of these sensitivity tests. 

Prior to the CO2 injection simulation, a batch numerical simulation is generally used 

to obtain the initial chemical condition of groundwater (i.e., Xu et al., 2003; Xu et al., 

2005; Xu et al., 2006; André et al., 2007; Xu et al., 2007; Kihm et al., 2009; Zhang et al., 

2009). In the batch simulation, to calibrate initial water chemistry with field data in terms 

of HCO3
- concentration and pH, CO2 partial pressure is assigned within range from 0.1 
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bars to 0.001 bars. However, CO2 partial pressure is not assigned in the CO2 injection 

simulation because it has influence on total mass balance of CO2. Absent of CO2 partial 

pressure does not significantly affect on hydrogeochemical reactions in the acidic region 

because a large amount of CO2 is provided into this region. In contrast, it leads to gradual 

changes in water chemistry and precipitation and dissolution of minerals far from the 

acidic region. Especially, pH is visibly changes than the other hydrogeochemical 

variables. Therefore, hydrogeochemical reactions far from the acidic region shown in this 

study must be carefully interpreted. 

In the hydrogeochemical numerical simulations (i.e., Xu et al., 2003; White et al., 

2005; Xu et al., 2005; Xu et al., 2006; André et al., 2007; Ennis-King and Paterson, 2007; 

Xu et al., 2007; Kihm et al., 2009; Zhang et al., 2009), intrinsic permeability of saline 

aquifers or storage formations was assigned as 1.0 × 10-13 m2 (about 100 md). In work of 

Johnson et al. (2004), intrinsic permeability of saline aquifers is higher than that of the 

other studies, and it ranges from 1.0 × 10-12 m2 (about 1 d) to 8.0 × 10-12 m2 (about 8 d). 

Among them, two studies (i.e., Ennis-King and Paterson, 2007; Zhang et al., 2009) 

considered anisotropy of intrinsic permeability, and vertical intrinsic permeability was set 

equal to 5.0 × 10-14 m2 (about 50 md). In the Gyeongsang Basin, intrinsic permeability of 

sandstone have not been sufficiently analyzed and compiled. Thus, in this study, intrinsic 

permeability of sandstone is set equal to 1.0 × 10-13 m2 (about 100 md) without anisotropy. 

However, it is expected that intrinsic permeability of sandstone in the Gyeongsang Basin 

is lower than that used in this study due to its higher degree of consolidation. In addition, 

charateristics of sedimentary rock, especially bedding structure can make hydrogeological 

and mineralogical anisotropy. Therefore, several CO2 behaviors related with vertical 

intrinsic permeability such as upward moving of free-phase CO2 by buoyancy and 

downward moving of aqueous CO2 by convective fluid flow may be inaccurate or 
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overestimated. It means that extent of the two-fluid phase and acidic regions and impacts 

of convective fluid flow analyzed in this study have limited applicability. 

Further studies are suggested as follows. First, impacts of hydrogeological and 

mineralogical heterogeneities on geologic storage and trapping mechanisms of CO2 

should be comprehensively evaluated for more reasonable predictions of long-term 

hydrogeochemical responses of the geologic formations due to geologic storage of CO2. 

To obtain realistic distributions of hydrogeological and mineralogical properties, the 

geostatistical analyses are recommended. Thus basic data of hydrogeological and 

mineralogical properties in the Gyeongsang Basin must be sufficiently accumulated for 

the geostatistical analyses. Second, a series of hydrogeochemical reactive transport 

numerical simulations under various CO2 injection scenarios (i.e., injection amount and 

period), environments or conditions of the geologic formations (i.e., depth and 

geothermal gradient), and hydrogeochemical properties (i.e., porosity, intrinsic 

permeability, groundwater chemistry, and mineralogical composition) is highly 

recommended. It can contribute to make more generalized prediction and evaluation 

methods for trapping mechanisms and efficiency of injected CO2. Third, free fluid phase 

of CO2 can move upward through the several upper shale and sandstone layers, and 

hydrogeochemical reactions in the shale layers can lead to alteration or degradation of 

their impermeability due to dissolution of mineral. Therefore, prediction of CO2 

behaviors and trapping mechanisms in the sandstone-shale system is also recommended. 

 

2.6. Conclusions 

Using a multiphase hydrogeochemical reactive transport numerical model, density-

dependent (convective) groundwater and carbon dioxide (CO2) flow and 

hydrogeochemical reactive transport due to geologic storage of CO2 in a deep saline 
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sandstone aquifer (reservoir rock) were simulated and analyzed to evaluate impacts of its 

mineralogical compositions on the trapping mechanisms and efficiency of injected CO2. 

The results of the numerical simulations show that the mineralogical compositions of the 

sandstone aquifer have significant impacts on hydrogeochemical behavior of injected 

CO2 and thus its trapping mechanisms and efficiency. The free fluid phase of CO2, which 

is injected into the sandstone aquifer, initially moves upward by buoyancy to the 

overlying shale (cap rock) displacing groundwater, then moves laterally along the 

boundary between the sandstone and shale, and finally accumulates beneath the cap rock 

(i.e., hydrodynamic trapping). Over a long time period, some of injected CO2 is dissolved 

as bicarbonate and carbonate anions into groundwater (i.e., solubility trapping). Finally, 

injected CO2 is precipitated as carbonate minerals (i.e., mineral trapping) through 

hydrogeochemical reactions between groundwater and primary minerals in the sandstone 

aquifer, while some of injected CO2 still remains as free fluid and aqueous phases. 

Mineral trapping of injected CO2 takes places as precipitation of primary carbonate 

mineral such as calcite and secondary carbonate minerals such as dawsonite, siderite, 

ankerite, and magnesite. The patterns of hydrogeochemical reactions when chlorite is 

initially present (Case 1) are quite different from those when chlorite is initially absent 

(Cases 2 to 4) in the sandstone aquifer. For mineral trapping of injected CO2, ankerite is 

the most dominant mineral when chlorite is present as a primary mineral, whereas 

dawsonite is the most dominant mineral when chlorite is absent as a primary mineral in 

the sandstone aquifer. Mg2+ and Fe2+, which are essential chemical components of such 

secondary carbonate minerals (siderite, ankerite, and magnesite) for mineral trapping of 

injected CO2, are mainly supplied by dissolution of chlorite. As a result, the precipitation 

amounts of the secondary carbonate minerals and thus the efficiency of mineral trapping 

of injected CO2 increase significantly as the volume fraction of chlorite increases in the 
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sandstone aquifer. In order to validate the results of the above-mentioned numerical 

simulations, they were also compared with the mineralogy, geochemistry, and diagenesis 

of the five natural gas, CO2, and oil reservoirs (sandstones), which act as excellent natural 

analogs for the study of geologic storage of CO2 in sandstones during long time periods. 

Such validation includes precipitation and dissolution of the multiple carbonate minerals 

(i.e., calcite, dawsonite, siderite, and ankerite) due to geologic storage of CO2 in the 

sandstone aquifer in this study. Using the same multiphase hydrogeochemical reactive 

transport numerical model, density-independent (non-convective) groundwater and 

carbon dioxide (CO2) flow and hydrogeochemical reactive transport due to geologic 

storage of CO2 in the deep saline sandstone aquifer (reservoir rock) were also simulated, 

and then its results were compared with those of the above-mentioned numerical 

simulations, which considered density-dependent (convective) multiphase fluid flow, to 

evaluate impacts of convective fluid flow on the trapping mechanisms and efficiency of 

injected CO2. The comparison of the results of both numerical simulations shows that 

convective fluid flow also have significant impacts on hydrogeochemical behavior of 

injected CO2 and thus its trapping mechanisms and efficiency. Convective fluid flow 

reduces the free fluid phase of CO2 (i.e., hydrodynamic trapping) and thus enhances the 

aqueous and solid phases of CO2 (i.e., initially solubility trapping and then mineral 

trapping). Therefore it may be concluded that both mineralogical compositions of 

reservoir rocks and density-dependent (convective) multiphase fluid flow as well as 

hydrogeochemical reactive transport must be properly characterized and considered when 

more rigorous and reasonable predictions of long-term hydrogeochemical responses of 

the geologic formations to geologic storage of CO2 and its trapping mechanisms and 

efficiency are to be obtained using a multiphase hydrogeochemical reactive transport 

numerical model. 
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Chapter 3. Evaluation of injection efficiency of carbon dioxide 

into geologic formations using a coupled injection well 

and geologic formation simulation scheme 

 

 
3.1. Introduction 

Several studies using analytical solutions and numerical simulations have been 

performed to evaluate the CO2 injection efficiency for geologic storage of CO2. A simple 

analytical solution, which has been used for gas and oil production or gas injection in the 

petroleum engineering field (e.g., Thomas, 1981; Ertekin et al., 2001), was applied to 

predict the CO2 injection efficiency (e.g., Zakrisson and Edman, 2008). A series of 

multiphase hydrological numerical simulations under a constant injection pressure was 

also performed to evaluate the CO2 injection rate and injectivity for various 

hydrogeological properties (i.e., porosity and intrinsic permeability) of geologic 

formations (e.g., Law and Bachu, 1996; Burton et al., 2008). However, these studies did 

not consider thermal phenomena associated with CO2 injection in geologic formations 

although the fluid temperature affects the mobility of CO2 fluid and thus its injection 

efficiency. Furthermore, in these studies, the fluid pressure at the well bottom was not 

calculated but assumed and assigned a priori. However, in real operations, the CO2 

pressure is not fixed at the well bottom but is controlled and monitored at the well head. 

On the other hand, a one-dimensional steady-state numerical model was developed and 

applied to analyze nonisothermal CO2 flow in injection wells for geologic storage of CO2 

(e.g. Lu and Connell, 2008; Han et al., 2010). In these studies, the fluid pressure and 

temperature transitions from the well head to the well bottom in an injection well were 

simulated under various schemes and conditions using the one-dimensional steady-state 
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numerical model. However, these studies did not consider temporal changes in the fluid 

pressure and temperature in the injection well and thermo-hydrological interactions (i.e., 

heat exchange) between the injection well and the geologic formation. As a result, in 

these studies, heat exchange between the injection well and the geologic formation with 

depth and the CO2 injection rate at the well bottom were assumed to be constants 

although the temperature of the geologic formation around the injection well and the CO2 

injectivity at the well bottom vary with time during CO2 injection periods in real 

situations. Thus a coupled numerical simulation scheme, which can consider thermo-

hydrological interactions (i.e., heat exchange) between the injection well and the geologic 

formation and calculate the CO2 injection rate at the well bottom, is highly required to 

predict and evaluate more realistically the CO2 injection efficiency for geologic storage of 

CO2. 

The objectives of this study are to analyze quantitatively groundwater and CO2 flow 

and heat transport induced by CO2 injection in an injection well-geologic formation 

system and to evaluate rigorously the CO2 injection efficiency. In order to achieve these 

objectives, a series of multiphase thermo-hydrological numerical simulations for various 

cases of the CO2 injection pressure and temperature at the well head is performed using a 

coupled numerical simulation scheme for the injection well-geologic formation system. 

 

3.2. Numerical model 

The multiphase fluid flow and heat transport numerical model TOUGH2 (Pruess et al., 

1999; Pruess, 2004) is used in this study. TOUGH2 is based on spatial discretization by 

means of an integral finite difference (IFD) method (Narasimhan and Witherspoon, 1976). 

In TOUGH2, properties of the fluid or fluid mixture with aqueous components (i.e., salt) 

are considered by various equation of state (EOS) modules. A fluid property EOS module 
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ECO2N based on the work of Spycher and Pruess (2005) is used in this study. The 

ECO2N module provides an accurate description of the thermophysical properties of 

mixtures of water and CO2 under conditions typically encountered in geologic formations 

of interest for geologic storage of CO2 (i.e., 10°C ≤ T ≤ 110°C, P ≤ 600 bars). In 

TOUGH2, a broad range of subsurface thermal and physical processes is considered 

under various thermophysical conditions of fluid pressure, temperature, and saturation. 

Further details on the subsurface thermo-hydrological process capabilities of TOUGH2 

are given by Pruess et al. (1999) and Pruess (2004). 

 

3.3. Coupled injection well and sandstone formation numerical 

simulations 

 

3.3.1. Modeling domain and properties of sandstone formation 

A sandstone formation (reservoir rock) as a three-dimensional hexahedral modeling 

domain is considered in this study (Fig. 3.1). It is 20,000 m wide and 50 m high and 

locates at depths between 1,450 ( z  = -1,450 m) to 1,500 m ( z  = -1,500 m) from the 

ground surface. It is assumed to be underlain and overlain by two impermeable shale 

layers (i.e., upper cap rock and lower bedrock). The sandstone formation is discretized 

into 15,680 grid blocks. It is subdivided by 5 grid blocks with a constant spacing of 10 m 

in the vertical z  direction and 56 grid blocks with various spacings, which vary from 1 

m at the center of the modeling domain (i.e., x  = 0 m and y  = 0 m) up to 1,000 m 

outward, in the horizontal x  and y  directions. The sandstone formation is assumed 

initially to be homogenous and isotropic. The hydrogeological and thermal properties of 

the sandstone formation are obtained from several literatures (e.g., van Genuchten, 1980; 

Carsel and Parrish, 1988; Song, 2005; Kim, 2009) and are listed in Table 3.1. These are  



 

68 
 

 

 

 

 

 
Figure 3.1. Schematic diagram of the sandstone formation and injection well (modeling 

domain) used in the numerical simulations. 
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Table 3.1. Hydrogeological and thermal properties of the sandstone formation and 

injection well. 

Property Sandstone formation Injection well 

Porosity [%] 5.0 100.0 

Intrinsic permeability [m2] 1.020 × 10-14 1.758 × 10-4 

Solid density [kg/m3] 2.675 × 103 - 

Specific heat [J/kg/°C] 915.0 - 

Heat conductivity [W/m/°C] 2.720 - 

Residual water saturation 0.150 0.000 

Residual gas saturation 0.050 0.000 

van Genuchten’s (1980) hydraulic parameters   

Gas-entry pressure [Pa] 1.887 × 104 0.000 

Exponent m=λ  4.570 × 10-1 4.570 × 10-1 
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the representative values of sandstones in the onshore sedimentary basins (e.g., 

Gyeongsang Basin) in Korea. 

 

3.3.2. Modeling domain and properties of injection well 

An injection well as a one-dimensional cylindrical modeling domain (i.e., pipe) is 

considered in this study (Fig. 3.1). Its diameter and length are 75 mm and 1,500 m, 

respectively, and is vertically located from the ground surface (i.e., well head at z  = 0 

m) to the bottom of the sandstone formation (i.e., well bottom at z  = -1,500 m). It also 

has a screen interval of 10 m at the well bottom. The injection well is discretized into 36 

grid blocks with various spacings in the vertical z  direction. At the screen interval, a 

grid block of the injection well is linked with a grid block of the sandstone formation, 

which is mentioned above. 

Several studies have been performed for coupling or integrating fluid hydraulics 

between aquifers and well bores in numerical simulations (e.g., Therrien and Sudicky, 

2001; Chen et al., 2003; Zlotnik and Zurbuchen, 2003; Diersch, 2005). In these studies, 

well bores were considered as porous media and were numerically treated as the same 

way with aquifers. 

In this study, a well bore is treated as a porous medium with a porosity of 100%, and 

no capillary pressure is allowed in it. The well bore is also considered as a laterally closed 

cylindrical conduit (i.e., pipe), and the pressure change PΔ  (positive for loss) under 

fluid flow in the well bore can be expressed from the Darcy-Weisbach equation as 

follows (Olson and Wright, 1990; Munson et al., 1998): 

 

2
 2u

D
LfP d
ρΔ
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where df  is the friction factor, LΔ  [L] is the length of the well bore, D  [L] is the 

diameter of the well bore, ρ  [M/L3] is the density of fluid, and u  [L/T] is the average 

fluid flow velocity. The Reynolds number eR  is given as: 

 

μ
ρ

ν
uDuDRe ==  (3.2) 

 

where ν  is the kinematic viscosity, which is equal to the dynamic viscosity μ  [M/L/T] 

divided by the density of fluid ρ . Thus combining equations (3.1) and (3.2) yields the 

following Darcian fluid flow equation: 
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where q  [L/T] is the fluid flux or Darcy velocity, which is equivalent to the average 

fluid flow velocity u  because the porosity of the well bore is 100%, and wbk  [L2] is the 

intrinsic permeability of the well bore as follows: 

 

de
wb fR

Dk
22

=  (3.4) 

 

If fluid flow in the well bore is in the laminar flow regime and thus follows Darcy’s 

law, the friction factor df  can be expressed from the Hagen-Poiseuille equation as 

follows (Sutera and Skalak, 1993): 
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e
d R

f 64
=  (3.5) 

 

Thus combining equations (3.4) and (3.5) yields the following equation for the 

intrinsic permeability wbk  of the well bore in the laminar flow regime: 

 

32

2Dkwb =  (3.6) 

 

If fluid flow in a well bore is in the transitional or turbulent flow regime, the friction 

factor df  increases with the Reynolds number eR , and thus the intrinsic permeability 

wbk  of the well bore decreases by two orders of magnitude compared with that in the 

laminar flow regime (Moody, 1944; Schroeder, 2001; Romeo et al., 2002). A preliminary 

sensitivity analysis reveals that change in the intrinsic permeability wbk  of a well bore 

due to variation in the friction factor df  within different flow regimes does not 

significantly influence the CO2 pressure and temperature at the well bottom and thus the 

CO2 injection efficiency. To avoid problems of nonconvergence and numerical instability, 

the friction factor df  in the laminar flow regime is considered only in this study. Thus, 

for example, if the diameter D  of an injection well bore is set equal to 75 mm as 

mentioned above, the intrinsic permeability wbk  of the injection well bore is calculated 

as 1.758 × 10-4 m2 using equation (3.6). The hydrogeological and thermal properties of 

the injection well are also listed in Table 3.1. 

 

3.3.3. Numerical simulation setups 

For the sandstone formation, the initial condition of the fluid pressure is applied such 
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that it increases hydrostatically with depth, while it is set equal to 1.43 × 107 Pa at the top 

boundary ( z  = -1,450 m). The initial condition of the fluid temperature is applied such 

that it increases linearly from 52.12°C at the top boundary ( z  = -1,450 m) to 53.40°C at 

the bottom boundary ( z  = -1,500 m) with a ground surface temperature of 15.00°C and a 

geothermal gradient of 0.0256°C/m (Song, 2005). Along the top and bottom boundaries, 

no-fluid flow boundary conditions are assigned considering the impermeable upper cap 

rock and lower bedrock. To consider heat exchanges between the sandstone formation 

and the impermeable upper cap rock and lower bedrock, a semi-analytical method, which 

was suggested and verified by Vinsome and Westerveld (1980), is applied in this study. In 

the semi-analytical method, one-dimensional fluid temperature profiles in the cap rock 

and bedrock perpendicular to the top and bottom boundaries of the sandstone formation 

are calculated at each simulation time step using an analytical solution with the initial 

fluid temperatures in the cap rock and bedrock and the time-varying fluid temperatures at 

the top and bottom boundaries. Using such one-dimensional fluid temperature profiles, 

heat exchanges between the sandstone formation and the impermeable upper cap rock and 

lower bedrock are calculated and then assigned to the grid blocks for the top and bottom 

boundaries as heat sources or sinks. Along the lateral boundaries ( x  = ±10,000 m and y  

= ±10,000 m), Dirichlet-type fluid flow and heat transport boundary conditions are 

assigned considering the infinite lateral extent of the modeling domain. 

For the injection well, the initial condition of the fluid pressure is applied such that it 

increases hydrostatically with depth, while it is set equal to 1.01 × 105 Pa (1 bar) at the 

ground surface (i.e., well head at z  = 0 m). The initial condition of the fluid temperature 

is applied such that it increases linearly from 15.00°C at well head (i.e., ground surface at 

z  = 0 m) to 53.40°C at well bottom (i.e., the bottom of the sandstone formation at z  = 

-1,500 m) with a geothermal gradient of 0.0256°C/m (Song, 2005). Along the lateral 
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boundary, using the above-mentioned semi-analytical method, heat exchanges between 

the injection well and the surrounding sandstone formation (i.e., through the well bore 

casing) are calculated for each grid block at each simulation time step and then assigned 

to the grid blocks for the injection well as heat sources or sinks. At the well head, the CO2 

saturation, pressure, and temperature are fixed at 1.0, 1.01 × 107 Pa (100 bars), and 

31.4°C, respectively, as Dirichlet-type fluid flow boundary conditions during the CO2 

injection period of 10 years. The CO2 mass flux from the well bottom into the sandstone 

formation through the screen interval is numerically calculated and monitored to evaluate 

the CO2 injection efficiency. The total simulation time period is 10 years, which is equal 

to the CO2 injection period. 

In this study, various CO2 injection schemes with respect to the CO2 injection pressure 

and temperature at the well head are simulated using the above-mentioned multiphase 

thermo-hydrological numerical model TOUGH2 (Pruess et al., 1999; Pruess, 2004) and 

coupled numerical simulation scheme for the injection well-sandstone formation system. 

During the CO2 injection operations, liquid phase of CO2 is compressed at the ground 

injection facilities, then heated or cooled by the temperature controller, and finally 

provided into the CO2 injection well as liquid or supercritical phases (MacIntyre, 1986). 

Several studies showed that the CO2 injection pressure at the well head ranges from about 

80 bars to about 200 bars and the CO2 injection temperature ranges from about 22°C to 

about 40°C (Baklid and Korbøl, 1996; Kikuta et al., 2005; Kelly, 2006; Bissell et al., 

2011; McGrail et al., 2012). Therefore, for Case A, the CO2 injection pressure at the well 

head ranges from 7.60 × 106 Pa (75 bars) to 2.03 × 107 Pa (200 bars) for the six cases (i.e., 

Cases A-1 to A-6), while the CO2 injection temperature at the well head is fixed at 31.4°C. 

For Case B, the CO2 injection temperature at the well head ranges from 21.0°C to 41.0°C 

for the five cases (i.e., Cases B-1 to B-5), while the CO2 injection pressure at the well 
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head is fixed at 1.01 × 107 Pa (100 bars). These CO2 injection schemes for Cases A and B 

are listed in Table 3.2. In this study, Case A-2 or B-3 is set as the base case (i.e., 1.01 × 

107 Pa and 31.4°C). 

 

3.4. Results and analyses of numerical simulations 

 

3.4.1. Thermo-hydrological processes for base case (Case A-2 or B-3) 

 

3.4.1.1. Groundwater and carbon dioxide flow and heat transport in injection well 

The fluid pressure in the injection well initially has the above-mentioned hydrostatical 

gradient state, and it increases instantly throughout the entire injection well after the start 

of CO2 injection (Figs. 3.2a and 3.3a). This occurs because the intrinsic permeability of 

the injection well is significantly greater than that of the sandstone formation. Then the 

fluid pressure at the well bottom decreases until 1 month of CO2 injection, while that at 

the well head remains at the constant value of 1.01 × 107 Pa (100 bars). As a result, the 

fluid pressure gradient in the injection well decreases and finally arrives at a new 

hydrostatical gradient state after 1 month of CO2 injection (Figs. 3.2a and 3.3a). This 

arises because the free fluid phase of lower-density CO2 displaces higher-density 

groundwater downward in the injection well. 

Heat exchange between the injection well and the surrounding sandstone formation is 

negative (i.e., heat loss to the surrounding sandstone formation) above the depth of about 

300 m from the ground surface, but it becomes positive (i.e., heat gain from the 

surrounding sandstone formation) below the depth of about 300 m after 1 hour of CO2 

injection (Figs. 3.2b and 3.3b). As CO2 injection progresses, the fluid temperature 

difference between the injection well and the surrounding sandstone formation decreases  
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Table 3.2. CO2 injection pressures and temperatures at well head for Cases A and B. 

Case CO2 injection schemes Case 1 Case 2 Case 3 Case 4 Case 5 Case 6 

Case A 

 

CO2 injection pressure 

at well head [Pa] 
7.60 × 106 1.01 × 107 1.27 × 107 1.52 × 107 1.77 × 107 2.03 × 107 

 
CO2 injection temperature 

at well head [oC] 
31.4 31.4 31.4 31.4 31.4 31.4 

Case B 

 

CO2 injection pressure 

at well head [Pa] 
1.01 × 107 1.01 × 107 1.01 × 107 1.01 × 107 1.01 × 107 - 

 
CO2 injection temperature 

at well head [oC] 
21.0 26.0 31.4 36.0 41.0 - 

Note : Cases A-2 and B-3 have the same CO2 injection pressure and temperature as a base case. 
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Figure 3.2. Vertical distributions of (a) fluid pressure, (b) fluid temperature, (c) heat 

exchange, and (d) CO2 saturation in the injection well for the base case (Case A-2 or B-3). 
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Figure 3.3. Conceptual diagram of (a) fluid pressure and (b) temperature changes in the 

CO2 injection well. P  is the pressure T  is the temperature, ρ  is the density, g is the 

gravity acceleration constant, h  is the length of injection well, and the subscripts wh , wb , 

gw , 2CO , fluid , and formation  denote the well head, well bottom, groundwater, CO2, 

fluid in the injection well, and surrounding sandstone formation, respectively. 
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gradually according to heating or cooling of the surrounding sandstone formation by such 

heat exchange. As a result, heat exchange through the well bore casing decreases 

gradually and finally becomes almost zero after 6 months of CO2 injection (Figs. 3.2b and 

3.3b). 

The fluid temperature in the injection well initially has the above-mentioned 

geothermal gradient state. After 1 hour of CO2 injection, it is higher than its initial value 

above the depth of about 300 m from the ground surface but is lower than its initial value 

below the depth of about 300 m (Figs. 3.2c and 3.3b). This temperature change occurs 

due to the fixed CO2 injection temperature (i.e., 31.4°C) as well as heat loss to the 

surrounding sandstone formation above the depth of about 300 m from the ground surface 

and heat gain from the surrounding sandstone formation below the depth of about 300 m 

after 1 hour of CO2 injection (Figs. 3.2b and 3.3b). The fluid temperature drop (i.e., loss) 

below its initial value in the injection well disappears gradually as heat exchange through 

the well bore casing decreases, and finally the fluid temperature increases monotonously 

with depth after 6 months of CO2 injection (Figs. 3.2c and 3.3b). This monotonous 

increase in the fluid temperature arises due to adiabatic or isoenthalpic compression of 

CO2 by the hydrostatic increase in the fluid pressure with depth. 

As mentioned above, the free fluid phase of CO2 displaces groundwater downward in 

the injection well after the start of CO2 injection, and finally it reaches down to the well 

bottom, and the injection well is fully saturated with CO2 after 6 days of CO2 injection 

(Fig. 3.2d). 

 

3.4.1.2. Groundwater and carbon dioxide flow and heat transport in sandstone 

formation 

The fluid pressure increases to about 1.82 × 107 Pa around the screen interval of the 
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injection well during the CO2 injection period of 10 years. The fluid pressure rise (i.e., 

build-up) expands laterally to its radius of almost 10,000 m after 10 years (Fig. 3.4a). 

The fluid temperature decreases to about 37.8°C around the screen interval of the 

injection well during the CO2 injection period of 10 years. The fluid temperature drop 

(i.e., loss) expands laterally to its radius of about 100 m after 10 years (Fig. 3.4b). 

The free fluid phase of injected CO2 initially moves upward by buoyancy to the 

overlying shale (cap rock) displacing groundwater, then moves laterally along the 

boundary between the sandstone and shale, and finally accumulates beneath the cap rock 

during the CO2 injection period of 10 years (Fig. 3.4c). The two-fluid phase region, where 

the free fluid phase of CO2 and groundwater coexist (i.e., CO2 saturation is greater than 

zero), also initially expands upward and laterally to its radius of about 950 m after 10 

years along the movement of the free fluid phase of injected CO2, and then remains 

beneath the cap rock (Fig. 3.4c). The dry-out zone, where the groundwater saturation is 

zero, initially occurs around the screen interval of the injection well, and it expands 

laterally to its radius of about 2 m after 10 years (Fig. 3.4c). 

 

3.4.1.3. CO2 injection efficiency: CO2 injection rate and injectivity 

During the early time period of about 10 days, the CO2 saturation and thus the relative 

permeability of CO2 increase rapidly toward 1.0 in the vicinity of the screen interval of 

the injection well, and thus the CO2 injection rate increases rapidly to about 1.50 kg/s. 

Then the CO2 saturation and thus the relative permeability of CO2 increase gradually in 

the two-fluid phase region, and thus the CO2 injection rate increases gradually to about 

2.07 kg/s (equivalent to 6.53 × 104 ton/year) after 10 years (Fig. 3.5). 

The CO2 injectivity also increases rapidly to about 2.04 × 10-7 kg/s/Pa during the early 

time period of about 10 days, and then increases gradually to about 2.84 × 10-7 kg/s/Pa  
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Figure 3.4. Spatial distributions of (a) fluid pressure, (b) fluid temperature, and (c) CO2 

saturation after 10 years in the sandstone formation for the base case (Case A-2 or B-3). 
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Figure 3.5. Temporal changes in CO2 injection rate and injectivity for the base case (Case 

A-2 or B-3). 
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(equivalent to 8.96 × 10-3 ton/year/Pa) after 10 years (Fig. 3.5). The pattern of temporal 

change in the CO2 injectivity is similar to that in the CO2 injection rate because the 

injection well is completely saturated with the free fluid phase of CO2, and the fluid 

pressure difference PΔ  between the well bottom and the sandstone formation far from 

the injection well becomes almost constant during the very early time period of about 6 

days. 

These results show that the CO2 injection efficiency with time can be quantitatively 

evaluated using the above-mentioned coupled numerical simulation scheme for the 

injection well-sandstone formation system when the CO2 injection pressure and 

temperature at the well head are assigned as Dirichlet-type fluid flow boundary 

conditions for the CO2 source. 

 

3.4.2. Effects of CO2 injection pressure and temperature on CO2 injection 

efficiency (Cases A and B) 

 

3.4.2.1. Fluid pressure and temperature transitions in injection well 

As mentioned above (Fig. 3.2a), the vertical profile of the fluid pressure becomes 

almost a hydrostatical equilibrium state, and thus the fluid pressure at the well bottom 

reaches almost to its steady-state value within 1 month for all the cases (i.e., Cases A and 

B). As mentioned above (Fig. 3.2c), the vertical profile of the fluid temperature becomes 

a monotonously increasing profile with depth due to adiabatic or isoenthalpic 

compression, and thus the fluid temperature at the well bottom reaches almost to its 

steady-state value within 6 months for all the cases (i.e., Cases A and B). 

For Case A with the fixed CO2 injection temperature at 31.4°C, the fluid pressure and 

temperature transitions from the well head to the well bottom follow an isoenthalpy curve 
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of CO2, which passes the well head, after 10 years (Fig. 3.6a). It shows that the fluid 

temperature change with adiabatic or isoenthalpic compression in the injection well 

decreases as the CO2 injection pressure at the well head increases. It arises because the 

case with a higher CO2 injection pressure at the well head follows the more steep 

isoenthalpy curve (i.e., lower Joule-Thomson coefficient) when the CO2 injection 

temperature at the well head is fixed. 

For Case A with the fixed CO2 injection temperature at 31.4°C, the fluid pressure at 

the well bottom and its difference between the well head and the well bottom after 10 

years increase as the CO2 injection pressure at the well head increases (Fig. 3.6b). This 

increasing trend of the fluid pressure difference is because an average density of CO2 in 

the injection well (or CO2 column) increases as the CO2 injection pressure at the well 

head increases. The fluid temperature at the well bottom and its difference between the 

well head and the well bottom after 10 years decrease as the CO2 injection pressure at the 

well head increases (Fig. 3.6b). This decreasing trend of the fluid temperature difference 

is because the fluid pressure and temperature transitions follow the more steep 

isoenthalpy curve as the CO2 injection pressure at the well head increases. 

For Case B with the fixed CO2 injection pressure at 1.01 × 107 Pa (100 bar), the fluid 

pressure and temperature transitions from the well head to the well bottom follow an 

isoenthalpy curve of CO2, which passes the well head, after 10 years (Fig. 3.6c). It also 

shows that the fluid temperature change with adiabatic or isoenthalpic compression in the 

injection well increases as the CO2 injection temperature at the well head increases. It 

arises because the case with a higher CO2 injection temperature at the well head follows 

the less steep isoenthalpy curve (i.e., higher Joule-Thomson coefficient) when the CO2 

injection pressure at the well head is fixed. 

For Case B with the fixed CO2 injection pressure at 1.01 × 107 Pa (100 bar), the fluid 
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Figure 3.6. Fluid pressure and temperature transitions from the well head to the well 

bottom within a CO2 phase diagram for (a) Case A and (c) Case B and changes in fluid 

pressure and temperature at the well bottom and their differences between the well head 

and the well bottom with respect to (c) CO2 injection pressure at the well head for Case A 

and (d) CO2 injection temperature at the well head for Case B after 10 years. 
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pressure at the well bottom and its difference between the well head and the well bottom 

after 10 years decrease as the CO2 injection temperature at the well head increases (Fig. 

3.6d). This decreasing trend of the fluid pressure difference is because an average density 

of CO2 in the injection well (or CO2 column) decreases as the CO2 injection temperature 

at the well head increases. The fluid temperature at the well bottom and its difference 

between the well head and the well bottom after 10 years increase as the CO2 injection 

temperature at the well head increases (Fig. 3.6d). This increasing trend of the fluid 

temperature difference is because the fluid pressure and temperature transitions follow the 

less steep isoenthalpy curve as the CO2 injection temperature at the well head increases. 

 

3.4.2.2. Changes in CO2 injection efficiency with CO2 injection pressure and 

temperature 

As mentioned above, the CO2 injection efficiency is quantified by two terms of the 

CO2 injection rate and injectivity. For Case A, the CO2 injection rate after 10 years 

increases, whereas the CO2 injectivity after 10 years decreases as the CO2 injection 

pressure at the well head increases (Fig. 3.7a). However, for Case B, the CO2 injection 

rate after 10 years decreases, whereas the CO2 injectivity after 10 years increases as the 

CO2 injection temperature at the well head increases (Fig. 3.7b). 

The trends of the CO2 injection rate changes are quite similar to those of the fluid 

pressure changes at the well bottom for Cases A and B (compare the solid lines with full 

squares in Figs. 3.7a and 3.7b with those in Figs 3.6b and 3.6d, respectively). On the 

other hand, the trends of the CO2 injectivity changes are quite similar to those of the fluid 

temperature changes at the well bottom for Cases A and B (compare the dashed lines with 

full triangles in Figs 3.7a and 3.7b with those in Figures 3.6b and 3.6d, respectively). 

These results indicate that the CO2 injection rate and CO2 injectivity have close  
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Figure 3.7. Changes in CO2 injection rate and injectivity with respect to (a) CO2 injection 

pressure at the well head for Case A, (b) CO2 injection temperature at the well head for 

Case B, (c) fluid pressure difference PΔ  between the well bottom and the sandstone 

formation far from the injection well for Cases A and B, and (d) reciprocal of kinematic 

viscosity of CO2 at the well bottom for Cases A and B after 10 years. 
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relationships with the fluid pressure and temperature at the well bottom, respectively. 

The CO2 injection rate after 10 years increases linearly as the fluid pressure difference 

PΔ  between the well bottom and the sandstone formation far from the injection well 

increases for Cases A and B (Fig. 3.7c). However, the CO2 injectivity after 10 years varies 

unsystematically with the fluid pressure difference PΔ  although the thermophysical 

environments (i.e., fluid pressure and temperature) and hydrogeological properties (i.e., 

porosity and intrinsic permeability) of the sandstone formation as well as the contact area 

between the sandstone formation and the injection well through the screen interval of the 

injection well are identical for Cases A and B (Fig. 3.7c). 

The relationships between the CO2 injectivity after 10 years and the some parameters 

such as density ( ρ ), dynamic viscosity ( μ ), and kinematic viscosity ( ρμν /= ) of CO2 

at the well bottom are calculated and tested. The parameters are functions of the fluid 

pressure and temperature and are more sensitive to the fluid temperature. Among these 

parameters, the reciprocal of the kinematic viscosity of CO2, which controls the mobility 

of CO2 fluid, has an excellent linear relationship (R2 = 0.987) with the CO2 injectivity 

after 10 years (Fig. 3.7d). It indicates that the apparently unsystematical variation of the 

CO2 injectivity (Fig. 3.7c) can be explained by in terms of an excellent linear relationship 

with the kinematic viscosity of CO2, and thus a more accurate prediction of the CO2 

injection efficiency can be performed using this relationship. 

The fluid pressure and temperature at the well bottom are the most important factors 

to evaluate the CO2 injection efficiency because they determine the fluid pressure 

difference PΔ  and the kinematic viscosity of CO2 at the well bottom. As mentioned 

above, the fluid pressure and temperature at the well bottom reach almost to their steady-

state values within 1 month and 6 months, respectively. 

These results provide significant and practical implications for evaluation of the CO2 
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injection efficiency because the fluid pressure and temperature at the well bottom can be 

simply predicted with an assumption of transitions of the hydrostatic fluid pressure and 

the adiabatic or isoenthalpic fluid temperature from the well head to the well bottom in 

the injection well using the thermodynamic data of CO2 (e.g., Spycher and Pruess, 2005). 

 

3.4.3. Prediction of fluid pressure and temperature changes in the CO2 

injection well and its applications 

As mentioned above, the fluid pressure and temperature changes in the CO2 injection 

well can be simply predicted with an assumption of transitions of the hydrostatic fluid 

pressure and the adiabatic or isoenthalpic fluid temperature from the well head to the well 

bottom in the injection well using the thermodynamic data of CO2. Using this assumption 

of fluid pressure and temperature transitions and the thermodynamic database of CO2 

(Spycher and Pruess, 2005), a simple numerical model is developed to predict the fluid 

pressure and temperature changes in the CO2 injection well. In this model, main input 

parameters are the total length of the CO2 injection well, the number of node, and the 

injection pressure and temperature at the well head. Using these parameters, the fluid 

pressure and temperature at each node from the well head to the well bottom are predicted. 

In addition, CO2 properties such as density and dynamic viscosity at each node are also 

calculated. 

In real situation, CO2 injection is controlled at the ground injection facilities, and thus 

injection pressure and temperature of CO2 are determined at the well head. Therefore, 

prediction of the fluid pressure and temperature at the well bottom corresponding to the 

injection pressure and temperature at the well head and injection depth (or injection well 

length) is necessary to make practical guidelines and to determine operation schemes for 

the geologic storage of CO2. For example, when a target storage formation locates at 
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1,500 m depth from ground surface (i.e., 1,500 m length of CO2 injection well), the fluid 

pressure and temperature at the well bottom are predicted with wide ranges of the 

injection pressure and temperature (i.e., P ≤ 600 bars, 10°C ≤ T ≤ 100°C). The fluid 

pressure difference PΔ  and the reciprocal of kinematic viscosity of CO2 at the well 

bottom also estimated with the same ranges of injection pressure and temperature using 

the corresponding fluid pressure and temperature at the well bottom. They are illustrated 

in Figs. 3.8a, 3.8b, 3.8c, and 3.8d. The fluid pressure difference PΔ  and the reciprocal 

of kinematic viscosity of CO2 at the well bottom as well as the fluid pressure and 

temperature at the well bottom can be simply estimated using these diagrams. They also 

give intuitive information to determine which injection scheme (i.e., injection pressure 

and temperature at the well head) is more effective. In addition, a contour line of 0.0 for 

fluid pressure difference PΔ  in Fig. 3.8c provides a practical guideline because it shows 

the minimum injection pressure and temperature at the well head to inject CO2 into a 

target storage formation. 

On the other hand, pressure build-up (or fluid pressure difference PΔ ) limits must 

be carefully considered to prevent failures of the cap rock and injection well (USEPA, 

1994). The CO2 phase and properties (i.e. density, dynamic viscosity, and kinematic 

viscosity) at the well bottom are also examined to assure or improve CO2 injectivity. It 

means that the target pressure and temperature at the well bottom should be set up for the 

safe and cost-efficient CO2 injection operations under the planning and site screening 

stage. Therefore, as opposed to situation mentioned above, prediction of the injection 

pressure and temperature at the well head corresponding to the pressure and temperature 

at the well bottom and injection depth (or injection well length) is also necessary. This 

prediction is possible by calculating inversely the fluid pressure and temperature 

transitions in the simple numerical model. For example, when a target storage formation  
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Figure 3.8. Predicted (a) fluid pressure at the well bottom, (b) temperature at the well 

bottom, (c) fluid pressure difference PΔ  between the well bottom and the sandstone 

formation far from the injection well, (d) reciprocal of kinematic viscosity of CO2 at the 

well bottom, (e) injection pressure at the well head, and (f) injection temperature at the 

well head for 1,500 m length of CO2 injection well. 
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locates at 1,500 m depth from ground surface (i.e., 1,500 m length of CO2 injection well), 

the injection pressure and temperature at the well head are predicted with wide ranges of 

the fluid pressure and temperature at the well bottom (i.e., P ≤ 600 bars, 10°C ≤ T 

≤ 100°C). They are illustrated in Figs. 3.8e and 3.8f. The operation scheme (i.e., injection 

pressure and temperature at the well head) to achieve the target pressure and temperature 

at the well bottom can be simply determined using these diagrams. 

 

3.5. Discussions 

As mentioned above, the CO2 injectivity is controlled by the thermophysical 

environments and hydrogeological properties of a geologic formation as well as the 

contact area between the geologic formation and the injection well through the screen 

interval of the injection well. Moreover, relative permeability, which is related with 

unsaturated flow models (e.g., van Genuchten, 1980) and their parameters (i.e., gas-entry 

pressure and exponent), as well as absolute permeability have influence on the CO2 

injectivity (Burton et al., 2008). However, various thermophysical environments (i.e., 

depth of sandstone formation and geothermal gradient) and hydrogeological properties 

(i.e., porosity, intrinsic permeability, and unsaturated flow parameters) of a geologic 

formation were not considered in this study. A single value of 10 m for screen interval is 

only considered. Thus results of numerical simulation have limited utilizations to predict 

the CO2 injection efficiency. 

The well bore is considered as a porous medium and is numerically treated as the 

same way with aquifers, in this study. It means that Darcian fluid flow is assumed for 

fluid flow in the injection well. In contrast, nonisothermal CO2 flow in injection well was 

analyzed by Han et al. (2010) using a one-dimensional steady-state numerical model (Lu 

and Connell, 2008) with non-Darcian fluid flow. It also showed that extremely large 
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injection rates (e.g., over 1 Mton per year) can lead to significant temperature changes of 

the fluid in injection well, due to extremely large frictional losses. Therefore, results of 

numerical simulation analyzed in this study should be carefully considered and applied 

for CO2 injection project in large scale. 

Further studies are suggested as follows. First, impacts of the thermophysical 

environments and hydrogeological properties of the sandstone formation and the screen 

interval of the injection well on the CO2 injectivity should be comprehensively evaluated 

to arrive at a more generalized prediction and evaluation method for the CO2 injection 

efficiency. Second, in real situation, CO2 is not continuously injected, and thus injection 

pressure and temperature at the well head vary with time (e.g., Kikuta et al., 2005; Bissell 

et al., 2011; McGrail et al., 2012). Therefore, evaluation of CO2 injection efficiency with 

time-varying injection pressure and temperature at the well head is recommended. In 

addition, comparison between numerical simulation results and monitoring data in field 

(e.g., Kikuta et al., 2005; Bissell et al., 2011) is also necessary to validate the coupled 

numerical simulation scheme used in this study. 

 

3.6. Conclusions 

Using a coupled numerical simulation scheme for an injection well-geologic 

formation system, groundwater and carbon dioxide (CO2) flow and heat transport in both 

injection well and sandstone formation were simultaneously analyzed, and the CO2 

injection efficiency was quantitatively evaluated in terms of the CO2 injection rate and 

injectivity. In this coupled numerical simulation scheme, the well bore is treated as a 

porous medium, and no capillary pressure is allowed in it. Then the well bottom is linked 

with the sandstone formation at the screen interval through grid blocks. Finally, the CO2 

injection pressure and temperature at the well head are assigned as Dirichlet-type fluid 
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flow boundary conditions for the CO2 source. The results of the numerical simulation 

results show that groundwater and CO2 flow and heat transport in both injection well and 

sandstone formation can be simultaneously analyzed, and thus the CO2 injection 

efficiency such as the CO2 injection rate and injectivity can be quantitatively evaluated 

using the coupled numerical simulation scheme. The CO2 injection rate increases linearly 

with the fluid pressure difference between the well bottom and the sandstone formation 

far from the injection well, whereas the CO2 injectivity varies unsystematically with the 

fluid pressure difference. The apparently unsystematical variation of the CO2 injectivity 

can be explained by in terms of an excellent linear relationship with the kinematic 

viscosity of CO2. Thus the fluid pressure and temperature at the well bottom have 

significant implications for evaluating the CO2 injection efficiency because they 

determine the fluid pressure difference and the kinematic viscosity of CO2. The numerical 

analyses reveal that the fluid pressure and temperature at the well bottom can be simply 

predicted with assumptions of transitions of the hydrostatic fluid pressure and the 

adiabatic or isoenthalpic fluid temperature from the well head to the well bottom in the 

injection well using the thermodynamic data of CO2. Based on these findings, a series of 

prediction of fluid pressure and temperature changes in the injection well is performed, 

and its results are summarized and provided as the characteristic curves. These curves can 

be utilized to make practical guidelines and to determine operation schemes for the 

geologic storage of CO2. Therefore it may be concluded that the coupled numerical 

simulation scheme for an injection well-geologic formation system and simulation results, 

which are presented and analyzed in this study, can be utilized as a reasonable and 

practical methodology when more quantitative evaluation of the CO2 injection efficiency 

is required for its geologic storage. 
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Chapter 4. Estimation of geologic storage capacities of carbon 

dioxide: A case study of the Bukpyeong Basin, Korea 

 

 
4.1. Introduction 

Several methods and approaches to estimate geologic storage capacity of CO2 have 

been suggested and applied (e.g., CSLF, 2005; NETL, 2007; Zhou et al., 2008; Lindeberg 

et al., 2009; SCCS, 2011; Smith et al., 2011), and they can be categorized into three types 

(i.e., compressibility-based methods, dynamic numerical simulation-based methods, and 

volumetric-based methods). In the compressibility-based methods (e.g., Zhou et al., 2008), 

pressure build-up due to injected CO2 is calculated considering the compressibility of a 

fluid (CO2 and a pre-existing fluid such as groundwater or oil) and the compressibility of 

geologic media (or the pore space). The maximum injection amount of CO2 under an 

allowable pressure build-up limit, which prevents failures of the cap rock and injection 

well, represents the storage capacity of CO2. These methods are suitable for vertically and 

laterally closed reservoir systems. However, they are only adoptable with free phase CO2 

(i.e., hydrodynamic trapping) during the injection period, and the pressure propagation, 

CO2 migration, and aqueous (i.e., solubility trapping) and mineral (i.e., mineral trapping) 

phases CO2 cannot be considered. In the dynamic numerical simulation-based methods 

(e.g., Lindeberg et al, 2009; SCCS, 2011; Smith et al., 2011), a series of numerical 

simulation when CO2 is injected at designed locations or randomly distributed locations is 

performed. The storage capacity of CO2 is then determined from analysis of the 

maximum injection amounts of CO2 under the allowable pressure build-up and CO2 

leakage limits. These methods give a more realistic and accurate storage capacity of CO2. 

However, they incur a high calculation cost and a considerable amount of time and can 
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only be applied to a detailed and well-characterized basin, local area, or site. In the 

volumetric-based methods (e.g., CSLF, 2005; NETL, 2007), they are assumed that 

injected CO2 displaces the pre-existing fluid such as groundwater or oil, and then CO2 

occupies the pore volume. The pore volume occupied by CO2 changes into the 

corresponding CO2 mass using the in situ CO2 density, and this CO2 mass represents the 

storage capacity of CO2. These methods are suitable to use on country, basin, and regional 

scales in the planning and site selection stages. 

The representative volumetric-based methods were proposed by CSLF (2005) and 

NETL (2007). The former is known as the CSLF method, and the latter is called the 

NETL method or the U.S.DOE method. These two methods are fundamentally identical 

(Bachu, 2008), and they gives the effective storage capacity of a target basin or site. The 

conventional methods, as suggested by CSLF (2005) and NETL (2007), have been widely 

used for estimating the geologic storage capacity of CO2 in sedimentary basins. Because 

of their simple procedure, they have been straightforwardly applied even to spatially 

complicated sedimentary basins. Several estimations of the storage capacity of saline 

aquifers using the conventional methods have been performed worldwide as follows: in 

seven regional areas, USA (NETL, 2007), in the Gyeongsang Basin, Korea (Egawa et al., 

2009), in the Chungnam, Teabeaksan, Mungyeong, and Honam Basins, Korea (Hong et 

al., 2009), in the Williston Basin, North Dakota, USA (Sorensen et al., 2009), in 14 areas, 

Italy (Donda et al., 2011), in Germany, Netherlands, France, Denmark, Norway, UK, and 

Poland (country scale) (Höller and Viebahn, 2011), in three areas, Portugal (Loakimidis et 

al., 2011), in 23 areas, Japan (Ogawa et al., 2011), in the Songliao and Subei Basins, 

China (Pearce et al., 2011), in the Pearl River Mouth Basin, China (Zhou et al., 2011), in 

the southwestern part of the Ulleung Basin, Korea (Kim et al., 2012). However, the 

results from the conventional methods were often not accurate nor reliable because they 
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could not consider spatial distributions of fluid conditions and properties, which are not 

uniform but variable within sedimentary basins. Therefore, to overcome this limit of the 

conventional methods, a new method, which takes into account the spatially variable 

distributions of fluid conditions and properties within sedimentary basins, is suggested in 

this study. 

The storage efficiency, which represents the fraction of the accessible pore volume to 

CO2 storage, is one of the most important factors when estimating the storage capacity, 

because the effective storage capacity is the product of the theoretical storage capacity 

and the storage efficiency. NETL (2007) performed a Monte Carlo simulation to estimate 

the storage efficiency, and according to results, it ranges from 1% for P15 (15% 

probability value) to 4% for P85. Several other studies to estimate the geologic and 

displacement parameters, which are the main components of the storage efficiency, for 

saline formation with various geologic conditions and lithologies, have also been 

performed (Gorecki et al., 2009; Kopp et al., 2009a, 2009b). They are based on analyses 

of field data in oil and gas reservoirs, the results of lab experiments and numerical 

simulations of CO2 behaviors under various geologic conditions and lithologies. NETL 

(2010) also performed a Monte Carlo simulation considering these new research results 

and suggested updated storage efficiency values for three different lithologies (clastic 

rocks, dolomites, and limestones). The storage efficiency for clastic rocks was estimated 

as 0.51% for P10, 2.00% for P50, and 5.40% for P90. In this study, the effective storage 

capacity is estimated using the storage efficiency suggested by NETL (2010). 

Additionally, probabilistic approaches, which are based on probable distributions of the 

storage efficiency, are also utilized. 

The objectives of this study are to establish a new advanced method for estimating the 

geologic storage capacities of CO2 using integrated three-dimensional geologic formation 
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modeling and thermo-hydrological numerical simulation and to evaluate the applicability 

of this method to the sedimentary basins in Korea. In order to achieve these objectives, a 

new method, which takes into account the spatially variable distributions of fluid 

conditions and properties within sedimentary basins, is suggested and applied to the 

Bukpyeong Basin, Korea. 

 

4.2. A new method for estimating the geologic storage capacities of CO2 

A new method, which considers the spatially variable distributions of fluid conditions 

and properties within sedimentary basins, is based on a volumetric-based estimation 

method such as works of CSLF (2005) and NETL (2007). In this new method, the 

geologic storage capacity of CO2 is determined using integrated three-dimensional 

geologic formation modeling and thermo-hydrological numerical modeling. The 

procedure of this new method for estimating the geologic storage capacities of CO2 is 

illustrated as a flow chart in Fig. 4.1. 

In the three-dimensional geologic formation modeling procedure, the characteristics 

of a target sedimentary basin including the spatial distributions, structures, and properties 

of geologic formations are first analyzed and pre-processed by a statistical method. A 

three-dimensional geologic formation model of a target sedimentary basin is then 

established and discretized into a large number of elements. The volume and porosity of 

each element are provided for the procedure to estimate the CO2 storage capacity. The 

three-dimensional grid elements and thermo-hydrological properties such as porosity, 

permeability, solid density, heat capacity, and heat conductivity are also provided for the 

thermo-hydrological numerical modeling procedure. 

In the thermo-hydrological numerical modeling procedure, thermo-hydrological 

numerical simulations are first performed to obtain the spatial distributions of the fluid 
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Figure 4.1. Flow chart of a new method for estimating the geologic storage capacities of 

CO2. 
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conditions in a target sedimentary basin at the initial state or pre-CO2 injection state. As a 

result, the fluid conditions such as fluid pressure, temperature, and salt mass fraction in 

groundwater (or salt concentration) within each element are obtained. Using these fluid 

conditions and a thermodynamic database, the fluid properties such as the CO2 phase, 

CO2 density, CO2 mass fraction in groundwater (or CO2 solubility), and the groundwater 

density within each element are calculated and then provided for the procedure to 

estimate the CO2 storage capacity. 

Finally, the geologic storage capacity of CO2 within each element is initially 

calculated using the corresponding fluid properties as well as the volume and porosity, 

and that within the entire sedimentary basin is estimated via a sum of all of the elements. 

The details of the method for estimating the geologic storage capacities of aqueous phase 

CO2 (i.e., solubility trapping) as well as free phase CO2 (i.e., hydrodynamic trapping) are 

presented below. 

The theoretical storage capacity of free phase CO2 within the entire sedimentary basin 

2fpCOTM  [M] is the sum of the storage capacities of all elements as follows: 

 

∑= ifpCOifpCO IVTM
22

  (4.1) 

 

where iV  [L3] is the volume and ifpCOI
2

 [M/L3] is the storage capacity density of free 

phase CO2 for the i-th element. ifpCOI
2

, which represents the maximum CO2 mass stored 

by hydrodynamic trapping per unit volume for the i-th element, is expressed as follows: 

 

),(
22 iiiCOiifpCO TPnI ρ⋅=  (4.2) 

 

where in  is the porosity and iCO2
ρ  [M/L3] is the density of CO2, which is functions of 
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the fluid pressure iP  [M/L/T2] and the temperature iT  [°C], for the i-th element. 

The theoretical storage capacity of aqueous CO2 within the entire sedimentary basin 

2aqCOTM  [M] is calculated using a procedure similar to that used for free phase CO2. It is 

expressed as follows: 

 

∑= iaqCOiaqCO IVTM
22

  (4.3) 

 

where iaqCOI
2

 [M/L3] is the storage capacity density of aqueous CO2 for the i-th element. 

iaqCOI
2

, which represents the maximum CO2 mass stored by solubility trapping per unit 

volume for the i-th element, is expressed as follows: 

 

),,(),,(
22 siiigwisiiiiCOiiaqCO XTPXTPXnI ρ⋅⋅=  (4.4) 

 

where iCOX
2

 is the CO2 mass fraction in groundwater (or CO2 solubility) and gwiρ  

[M/L3] is the density of groundwater for the i-th element. These two fluid properties are 

functions of the fluid pressure iP , the temperature iT , and the salt mass fraction in 

groundwater (or salt concentration) for the i-th element. 

As mentioned above, the effective storage capacity is estimated by multiplying the 

theoretical storage capacity by the storage efficiency. Thus the effective storage capacities 

of free phase (
2fpCOEM  [M]) and aqueous (

2aqCOEM  [M]) CO2 within the entire 

sedimentary basin are expressed as follows: 

 

222
 fpCOfpCOfpCO ETMEM =  (4.5) 

 

222
 aqCOaqCOaqCO ETMEM =  (4.6) 
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where 
2fpCOE  and 

2aqCOE  denote the storage efficiency of free-phase and aqueous CO2, 

respectively. 

 

4.3. Study area 

 

4.3.1. Location and geology of the Bukpyeong Basin 

The study area is the Bukpyeong Basin, which is located on the eastern coast of 

Korea. The latitude and longitude of its center are 37° 35’ 40” N and 129° 20’ 5” E, 

respectively (Fig. 4.2). The Bukpyeong Basin is distributed from northwest to southeast 

along the coastline, and its sediments mainly exist offshore, whereas small amount of 

sediments are exposed onshore. The basement rocks in the Bukpyeong Basin consist of 

Precambrian granitic gneiss overlain by Lower Paleozoic limestone (Won et al., 1994). 

The Tertiary sediments, which are formations of interest for the geologic storage of CO2, 

are underlain by these basement rocks (i.e., Precambrian granitic gneiss and Lower 

Paleozoic limestone) and are overlain by Quaternary marine sediments. 

Donghae City, Samcheok City, and Donghae Harbor are located near the Bukpyeong 

Basin. Specifically, the Samcheok Power Plant, which is a 2,000 MW coal-fired plant, is 

under construction near the Bukpyeong Basin. It also includes a 300 MW carbon capture 

facility and thus can be contribute as a potential CO2 source for the geologic storage of 

CO2 in the Bukpyeong Basin. Therefore, the Bukpyeong Basin is identified as one of the 

prospective offshore sedimentary basins for the geologic storage of CO2 in Korea. 

 

4.3.2. Data of the Bukpyeong Basin 

A seismic reflection survey and core sampling offshore of the Bukpyeong Basin were 

performed by the Korea Institute of Geoscience and Mineral Resources in 2001-2002  
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Figure 4.2. Location and geological maps of the study area. 
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(KIGAM, 2004). In the study area, 13 seismic survey lines exist with 58 piston cores and 

two PROD (Portable Remotely Operated Drill) cores (Fig. 4.2). Using the acquired data, 

the regional seismic stratigraphy and geologic structures around the study area were 

interpreted by Kwon (2005) and Kwon et al. (2009). 

Recently, a geological survey including mapping and sampling onshore and an 

additional seismic interpretation were performed. From an integrated analysis and 

interpretation of previous and new data, the basin model of the Bukpyeong Basin, which 

includes the seismic structures and properties, were established by Kwon (2011). In this 

basin model, the seismic stratigraphy of the sedimentary formations in the Bukpyeong 

Basin consists of three main unit groups (i.e., unit groups A, B, and C). Unit groups C and 

B are investigated as the Tertiary sediments and are divided into four (i.e., units C-1, C-2, 

C-3, and C-4) and three units (i.e. units B-1, B-2, and B-3), respectively. Unit group A is 

investigated as the Quaternary sediments and is divided into two (i.e. units A-1 and A-2) 

units. The lithology of each unit was identified by Kwon (2011). This information is 

summarized in Table 4.1. 

The spatial distributions of the boundaries between the seismic stratigraphy units as 

well as the topographies of the sea floor and the basin basement are provided as the basic 

reference data for the three-dimensional geologic formation modeling. Moreover, the 

properties of each unit, including the porosity and solid density, which are used in the 

seismic interpretation, are also provided. 

 

4.4. Results and analyses 

 

4.4.1. Three-dimensional geologic formation modeling 

The modeling domain of the Bukpyeong Basin is determined considering the  
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Table 4.1. Lithology of each. unit in the Bukpyeong Basin (Kwon, 2011). 

Age Unit group Unit Lithology 

A-1 
Alternation of clay and sandy silt layers with intercalations of 

sand or gravel layers (more sand-prone facies) 
Quaternary Group A 

A-2 
Alternation of clay and sandy silt layers with intercalations of 

sand or gravel layers (probably basal lags of sand or gravels) 

B-1 
Alternation of clay and sandy silt layers with intercalations of 

sand layers 

B-2 
Sand-prone or gravelly sand sediments with intercalations of 

mud layers 
Group B 

B-3 
Alternation of sand and mud layers with intercalations of sand 

or gravel layers 

C-1 
Alternation of clay and sandy silt layers with intercalations of 

sand or gravel layers (probably prograding unit) 

C-2 
Sand-prone or gravelly sand sediments with intercalations of 

mud layers 

C-3 
Alternation of sand and mud layers with intercalations of sand 

or gravel layers 

Tertiary 

Group C 

C-4 
Gravel, sand, and mud 

(probably correlated with onshore Tertiary sediments) 
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topography of the sea floor, the total thickness of the sedimentary formations, and the 

extent of the available data (see the blue solid line in Fig. 4.2). The modeling domain is 

approximately 78,000 m wide and about 84,000 m long, and its depth from the sea level 

ranges from 0 m to about 2,500 m. 

A three-dimensional geologic formation model of the Bukpyeong Basin is established 

using a pre-processor of VisualCOFAT3D. This model consists of the sedimentary 

formations such as unit groups A, B, and C and the basement rocks such as granitic gneiss 

and limestone. The topography of the sea floor and the levels of the boundaries between 

the units, as interpreted by Kwon (2011), are statistically pre-processed and interpolated 

or extrapolated by the Kriging method for geologic formation modeling. The thickness of 

each sedimentary unit is determined by the corresponding depth differences between the 

boundaries, whereas the thicknesses of the basement rocks are set equal to 200 m, 

because the seismic structures are not interpreted within the basement rocks (Fig. 4.3a). 

In this geologic formation modeling, the spatial distributions of each unit and the 

geologic structures such as the folding, conformity, and unconformity are rigorously 

considered. Thus, the model realistically shows the lateral thinning or disappearing of the 

sedimentary units and surface exposures of older geologic formations due to structural 

high, unconformity, and anticline (Figs. 4.3b, 4.3c, and 4.3d). 

The three-dimensional geologic formation model is discretized into 170,808 three-

dimensional grid elements (Fig. 4.3f). The thermo-hydrological properties of the geologic 

formations are obtained from a review of several studies (Freeze and Cherry, 1979; van 

Genuchten, 1980; Carsel and Parrish, 1988; Domenico and Schwartz, 1990; Fetter, 1994; 

Kim and Lee, 2007; Kwon, 2011) and are listed in Table 4.2. The volume and porosity of 

each element are provided for the estimation of the geologic storage capacity of CO2, and 

the three-dimensional grid elements and thermo-hydrological properties are provided for  
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Figure 4.3. Three-dimensional geologic formation models of the Bukpyeong Basin with 

(a) bedrocks (granitic gneiss and limestone), (b) bedrocks and unit group C (units C-4, C-

3, C-2, and C-1), (c) bedrocks, unit group C, and unit group B (units B-3, B-2, and B-1), 

(d) bedrocks, unit group C, unit group B, and unit group A (units A-2 and A-1), and (e) 

fence diagram and (f) three-dimensional grid elements. 
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Table 4.2. Thermo-hydrological properties of the geologic formations in the Bukpyeong 

Basin. 

Property A-1 A-2 B-1 B-2 B-3 C-1 C-2 C-3 C-4 Lime-

stone 

Granitic

gneiss 

Porosity 0.421 0.416 0.301 0.338 0.305 0.276 0.293 0.227 0.143 0.050 0.050 

Horizontal intrinsic 

permeability [m2] 
8.65×10-13 6.75×10-14 1.20×10-131.40×10-121.50×10-132.50×10-141.40×10-122.00×10-141.80×10-12 5.00×10-18 1.00×10-18

Vertical intrinsic 

permeability [m2] 
1.67×10-17 8.33×10-18 1.00×10-179.99×10-161.41×10-171.00×10-179.99×10-161.19×10-175.00×10-16 5.00×10-18 1.00×10-18

Solid density 

[kg/m3] 
2,660 2,79 0 2,820 2,780 2,720 2,720 2,800 2,770 2,800 2,700 2,700 

Specific heat 

[J/kg·°C] 
2.47 2.07 2.07 2.47 2.07 2.07 2.47 2.07 2.47 2.86 2.86 

Heat conductivity 

[W/m·°C] 
1,020 960 960 1,020 960 960 1,020 960 1,020 1,020 1,020 

Residual water 

saturation 
0.159 0.074 0.149 0.159 0.149 0.207 0.159 0.207 0.159 0.194 0.194 

Residual gas  

saturation 
0.050 0.050 0.050 0.050 0.050 0.050 0.050 0.050 0.050 0.050 0.050 

van Genuchten’s (1980) hydraulic parameters 

Gas-entry 

pressure [Pa] 
7.36×104 1.57×104 1.96×104 7.36×104 1.96×104 9.81×103 7.36×104 9.81×103 7.36×104 4.91×103 4.91×103

Exponent 

m=λ  
0.471 0.270 0.291 0.471 0.291 0.187 0.471 0.187 0.471 0.083 0.083 
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the thermo-hydrological numerical modeling. 

 

4.4.2. Thermo-hydrological numerical modeling 

 

4.4.2.1. Numerical simulation setup 

To obtain the spatial distributions of the fluid conditions in the Bukpyeong Basin at 

the initial state or pre-CO2 injection state, thermo-hydrological numerical simulations are 

performed using the multiphase fluid flow and heat transport numerical model TOUGH2 

(Pruess et al., 1999; Pruess, 2004). The three-dimensional grid elements and thermo-

hydrological properties in the modeling domain, as determined from the previous 

geologic formation modeling procedure, are used in this numerical modeling. 

The initial condition of the fluid pressure is applied such that it increases 

hydrostatically with the depth, while it is set equal to 1.01 × 105 Pa (1.0 bar) at the sea 

level. Thus the initial fluid pressure at the top boundary of the modeling domain (the sea 

floor) varies spatially with its corresponding seawater depth. The initial condition of the 

temperature is applied such that it follows the geothermal gradient of 0.0256°C/m, while 

it is set equal to 4°C at the top boundary of the modeling domain. The initial condition of 

the salt concentration in groundwater is set equal to the average value of seawater of 

0.035 within the entire modeling domain. 

Along the top boundary, the Dirichlet-type flow and transport boundary conditions are 

assigned. Along the lateral boundary, no-flow and no-heat transport boundary conditions 

are assigned. Along the bottom boundary, a no-flow boundary condition is assigned and a 

heat flow value of 83 mW/m2, as estimated by Kim and Lee (2007) and Lee et al. (2010) 

for the basement rocks near the study area, is assigned. To achieve the thermo-

hydrological equilibrium state of the fluid conditions, the total simulation time period is 
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set equal to 1,000 years. 

 

4.4.2.2. Spatial distributions of the fluid conditions and properties 

The spatial distributions of the fluid conditions such as the fluid pressure, temperature, 

and salt concentration in groundwater are obtained by thermo-hydrological numerical 

modeling. 

The fluid pressure at the top boundary of the modeling domain increases as the 

distance from the coastline increases due to the increase in the seawater depth (Figs. 4.4a, 

4.4c, and 4.4e). It also increases as the depth from the sea level increases, and thus a 

higher fluid pressure occurs at the bottom of the modeling domain in the southeastern 

area. 

The temperature increases with the depth from the sea floor rather than the depth from 

the sea level, because the temperature at the contact area between the geologic formations 

and the seawater is assumed to be a constant value of 4°C (Figs. 4.4b, 4.4d, and 4.4f). 

Thus a higher temperature occurs at the protrusions on the bottom of the modeling 

domain where the total thickness of the geologic formations reaches its peak value. The 

average geothermal gradient in this numerical simulation result is 0.0339°C/m, 

corresponding to the thermo-hydrological properties of the geologic formations and heat 

flow. The salt mass fraction in groundwater is a uniform value of 0.035 within the entire 

modeling domain. 

The spatial distributions of the fluid properties such as the CO2 phase, CO2 density, 

CO2 mass fraction in groundwater, and the groundwater density are calculated using these 

corresponding fluid conditions and a thermodynamic database of Spycher and Pruess 

(2005). 

All three phases of CO2 (i.e., the gas, liquid, and supercritical phases) present within  
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Figure 4.4. Three-dimensional spatial distributions of (a), (c), and (e) fluid pressure (left 

column) and (b), (d), and (f) temperature (right column) as seen from (a) and (b) the top 

southeast and (c) and (d) the bottom southeast, and (e) and (f) their fence diagrams. 

 



 

112 
 

the modeling domain. Gas phase CO2 presents near the coastline and in shallow seawater 

areas, liquid phase CO2 presents far from the coastline and in deep seawater areas, and 

supercritical phase CO2 presents at the protrusions on the bottom of the modeling domain 

where higher temperatures occur (Figs. 4.5a, 4.5c, and 4.5e). The boundary between the 

gas and liquid phase CO2 regions is located where the depth from the sea level is about 

400 m. The location of this boundary is determined by the fluid pressure rather than by 

the temperature. It is because that the boundary is close to the top of the modeling domain 

where the temperature is fixed, and thus the change in the temperature is relatively small 

compared to that of the fluid pressure with the depth. The boundary between the liquid 

and supercritical phase CO2 regions is located where the temperature is 31.4°C. The 

location of this boundary is determined by the temperature rather than by the fluid 

pressure, because the fluid pressure is high enough near the bottom of the modeling 

boundary. 

The CO2 density within the liquid phase CO2 region is higher than that within the 

supercritical phase CO2 region, while that within the gas phase CO2 region is much 

smaller than that within the other two regions (i.e., the liquid and supercritical phase CO2 

regions) (Figs. 4.5b, 4.5d, and 4.5f). It increases as the temperature decreases and as the 

fluid pressure increases. It changes abruptly at the boundary between the gas and liquid 

phase CO2 regions, whereas it changes continuously at the boundary between the liquid 

and supercritical phase CO2 regions. The minimum value of the CO2 density occurs near 

the coastline, while the maximum value of that occurs at the top boundary in the deep 

seawater area. 

The spatial distribution of CO2 mass fraction in groundwater is similar to that of the 

CO2 density. The CO2 mass fraction in groundwater within the liquid phase CO2 region is 

higher than that within the supercritical phase CO2 region, and that within the gas phase 
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Figure 4.5. Three-dimensional spatial distributions of (a), (c), and (e) CO2 phases (left 

column) and (b), (d), and (f) CO2 density (right column) as seen from (a) and (b) the top 

southeast and (c) and (d) the bottom southeast, and (e) and (f) their fence diagrams. 
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CO2 region is smaller than that within the other two regions (i.e., the liquid and 

supercritical phase CO2 regions) (Figs. 4.6a, 4.6c, and 4.6e). It also increases as the 

temperature decreases and as the fluid pressure increases. However, it changes more 

regularly at the CO2 phase boundaries, unlike the abrupt change of the CO2 density. The 

minimum value of the CO2 mass fraction in groundwater occurs near the coastline, while 

the maximum value of that occurs at the top boundary in the deep seawater area. 

The groundwater density is not affected by changes in CO2 phases, and it increases as 

the temperature decreases and as the fluid pressure increases (Fig. 4.6b, 4.6d, and 4.6f). 

The minimum value of the groundwater density occurs at the protrusions on the bottom of 

the modeling domain where higher temperatures occur, while the maximum value of that 

occurs beneath the top boundary in the deep seawater area. 

 

4.4.3. Estimation of the theoretical storage capacity of CO2 

The free phase and aqueous CO2 storage densities are calculated by equations (4.2) 

and (4.4), respectively, within the sedimentary formations (i.e., unit groups C and B in the 

Tertiary and unit group A in the Quaternary) excluding the basement rocks (i.e., granitic 

gneiss in the Precambrian and limestone in the Lower Paleozoic). 

The storage capacity density of free phase CO2 within the liquid phase CO2 region is 

higher than that within the supercritical phase CO2 region, while that within the gas phase 

CO2 region is much smaller than that within the other two regions (i.e., the liquid and 

supercritical phase CO2 regions) (Figs. 4.7a, 4.7c, and 4.7e). The storage capacity density 

of free phase CO2 ranges from 0.0075 kg/m3 to 412.56 kg/m3, and the minimum value of 

that occurs near the coastline, while the maximum value of that occurs at the top 

boundary in the deep seawater area. On the other hand, the storage capacity density of 

aqueous CO2 within the liquid phase CO2 region is higher than that within the 
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Figure 4.6. Three-dimensional spatial distributions of (a), (c), and (e) CO2 mass fraction 

in groundwater (left column) and (b), (d), and (f) groundwater density (right column) as 

seen from (a) and (b) the top southeast and (c) and (d) the bottom southeast, and (e) and 

(f) their fence diagrams. 
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Figure 4.7. Three-dimensional spatial distributions of (a), (c), and (e) storage capacity 

density of free phase CO2 (left column) and (b), (d), and (f) storage capacity density of 

aqueous CO2 (right column) as seen from (a) and (b) the top southeast and (c) and (d) the 

bottom southeast, and (e) and (f) their fence diagrams within the sedimentary formations. 
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supercritical phase CO2 region, while that within the gas phase CO2 region is smaller than 

that within the other two regions (i.e., the liquid and supercritical phase CO2 regions) 

(Figs. 4.7b, 4.7d, and 4.7f). The storage capacity density of aqueous CO2 ranges from 

0.0011 kg/m3 to 28.57 kg/m3, and the minimum value of that occurs near the coastline, 

while the maximum value of that occurs at the top boundary in the deep seawater area. 

These free phase and aqueous CO2 storage densities can be used as an index (barometer) 

of the storage performances of a target sedimentary basin. 

The theoretical storage capacities of the free phase and aqueous CO2 are estimated 

using equations (4.1) and (4.3), respectively, for the following two regions: (1) the 

supercritical phase CO2 region (Case A), and (2) the supercritical and liquid phases CO2 

region below a depth of 500 m from the sea floor (Case B). The theoretical storage 

capacities for Cases A and B are the sum of the products of the volume and the CO2 

storage capacity density for each element, which is included in the corresponding region. 

The supercritical phase CO2 region (Case A) is mainly distributed in the four 

following areas: (1) the northwestern area, (2) the center area at a shallow seawater depth, 

(3) the center area at a deep seawater depth, and (4) the eastern area (Fig. 4.8a). The total 

thickness of the sedimentary formations within the supercritical phase CO2 region is as 

high as about 270 m, and the geologic formations within this region mainly consist of unit 

C-4, while unit C-3 is occurs to a small extent in the northwestern area (Figs. 4.8a and 

4.8b). The theoretical storage capacities of the free phase and aqueous CO2 within the 

supercritical phase CO2 region are estimated to be 13,783 Mton and 855 Mton, 

respectively. 

The supercritical and liquid phases CO2 region below a depth of 500 m from the sea 

floor (Case B) is widely distributed, and it is extended from the supercritical phase CO2 

region mentioned above (Fig. 4.8c). The total thickness of the sedimentary formations  
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Figure 4.8. Spatial distributions of (a) and (c) total thickness of the sedimentary 

formations (left column) and (b) and (d) geologic composition (right column) within (a) 

and (b) the supercritical phase CO2 region (Case A) and (c) and (d) the supercritical and 

liquid phases CO2 region below a depth of 500 m from the sea floor (Case B). 
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within the supercritical and liquid phases CO2 region below a depth of 500 m from the 

sea floor is as high as about 480 m, and the geologic formations within this region mainly 

consist of units C-4, C-3, and C-2 (Figs. 4.8c and 4.8d). The theoretical storage capacities 

of the free phase and aqueous CO2 within the supercritical and liquid phases CO2 region 

below a depth of 500 m from the sea floor are estimated to be 75,319 Mton and 4,787 

Mton, respectively. 

These results show that the theoretical storage capacities of aqueous CO2 as well as 

free phase CO2 within different regions (i.e., Cases A and B) can be evaluated using the 

new method suggested in this study. These results also show not only the total value but 

also the spatial distribution of the storage performances of CO2 in the target sedimentary 

basin. 

 

4.4.4. Estimation of the effective storage capacity of CO2 

As mentioned above, the storage efficiency is one of the most important factors for 

estimating the effective storage capacity. This has been suggested in several studies (e.g., 

NETL, 2007; Gorecki et al., 2009; Kopp et al., 2009a, 2009b; NETL, 2010). However, 

the concept of storage efficiency as regards an individual trapping mechanism of CO2 (i.e., 

hydrodynamic, solubility, and mineral trapping mechanisms) has not been defined clearly. 

NETL (2007) suggested a method to assess the storage capacity of aqueous CO2. In this 

method, the storage efficiencies for aqueous CO2 cannot reflect the difference in the 

accessible pore volume fraction between the hydrodynamic and solubility trapping 

mechanisms. Only the difference between the CO2 density and the solubility in 

groundwater in terms of the stored mass per unit volume is considered. This difference is 

already considered through the use of the storage capacity density of free phase CO2 

( ifpCOI
2

) and the storage capacity density of aqueous CO2 ( iaqCOI
2

) in the new method 
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proposed in this study. Therefore, the storage efficiencies of free phase (
2fpCOE ) and 

aqueous (
2aqCOE ) CO2 are considered to be equal to the storage efficiency E  in the 

conventional methods. 

According to work of NETL (2010), the storage efficiency E  is a product of five 

terms and is expressed as follows: 

 

dVtotehghnAtAn EEEEEE     /// φφ=  (4.7) 

 

where AtAnE /  is the net-to-total area, hghnE /  is the net-to-gross thickness, toteE φφ /  is 

the effective-to-total porosity, VE  is the volumetric displacement efficiency, and dE  is 

the microscopic displacement efficiency. Detailed descriptions and input values of these 

five terms are summarized in Table 4.3. NTEL (2010) suggested the storage efficiency for 

clastic rocks resulted from the Monte Carlo simulations, but only three values 

corresponding to probabilities of 15%, 50%, and 85% were provided. Thus to estimate 

the effective storage capacity and its probabilistic distribution, a series of Monte Carlo 

simulations is performed using the input parameters of five terms for clastic rocks as 

summarized in Table 4.3. Equations 4.5 and 4.6 for estimating the effective storage 

capacities of free phase and aqueous CO2 within the entire sedimentary basin are 

transformed using Equation 4.7. They are expressed as follows: 

 

dVtotehghnAtAnfpCOfpCOfpCO EEEEETMETMEM       ///222 φφ==  (4.8) 

 

dVtotehghnAtAnaqCOaqCOaqCO EEEEETMETMEM       ///222 φφ==  (4.9) 

 

To obtain a stable solution, the realization number in the Monte Carlo simulation is 
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Table 4.3. Parameters for the storage efficiency of the saline formation (NETL, 2010). 

Term Symbol Clastic rocks Description 

  P10 P90  

Geologic terms used to define the entire basin or region pore volume 

Net-to-Total 

Area 
AtAnE /  0.2 0.8 

Fraction of total basin or region area with a suitable 

formation 

Net-to-Gross 

Thickness 
hghnE /  0.21 0.76 

Fraction of total geologic unit that meets minimum 

porosity and permeability requirements for injection. 

Effective-to-

Total 

Porosity 
toteE φφ /  0.64 0.77 

Fraction of total porosity that is effective (i.e., 

interconnected). 

Displacement terms used to define the pore volume immediately surrounding a single well CO2 injector 

Volumetric 

Displacement 

Efficiency 
VE  0.16 0.39 

Combined fraction of immediate volume surrounding an 

injection well that can be contacted by CO2 and fraction 

of net thickness that is contacted by CO2 as a 

consequence of the density difference between CO2 and 

in situ water. 

Microscopic 

Displacement 

Efficiency 
dE  0.35 0.76 

Fraction of pore space unavailable due to immobile in 

situ 
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set to 5,000. For the five terms of the storage efficiency, the log-odds normal distribution, 

which is known as the logistics-normal distribution (Atchison and Shen, 1980), is 

considered, and the Latin-hypercube sampling method (McKay et al., 1979) is used. From 

the Monte Carlo simulations, the theoretical storage capacities of free phase and aqueous 

CO2 are estimated for the two regions (i.e. Cases A and B), and their statistical values and 

probability density distributions are summarized in Table 4.4 and are illustrated in Fig. 

4.9, respectively. 

Within the supercritical phase CO2 region (Case A), estimated effective storage 

capacity of free phase CO2 ranges from 5.5 Mton to 2339.3 Mton with a median of 271.8 

Mton and an average of 353.1 Mton. The estimated effective storage capacity of aqueous 

CO2 ranges from 0.3 Mton to 145.2 Mton with a median of 16.9 Mton and an average of 

21.9 Mton. On the other hand, within the supercritical and liquid phases CO2 region 

below a depth of 500 m from the sea floor (Case B), the estimated effective storage 

capacity of free phase CO2 ranges from 29.9 Mton to 12,783.7 Mton with a median of 

1,485.5 Mton and an average of 1,929.3 Mton. The estimated effective storage capacity of 

aqueous CO2 ranges from 1.9 Mton to 812.6 Mton with a median of 94.4 Mton and an 

average of 122.6 Mton. The effective storage capacities of free phase and aqueous CO2 

for both cases (i.e., Cases A and B) nearly follow a left-truncated log-normal distribution, 

and the average values are greater than the median values in all the cases (Fig. 4.9). These 

effective storage capacities are distributed widely and have relatively large degrees of 

variation (i.e., standard deviations), because the five terms for the storage efficiency on 

the basin scale have wide ranges. On a local or site scale, more accurate and certain 

estimations of the effective storage capacity are possible using a narrower range of 

parameters of the storage efficiency, as based on detailed characterizations. 
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Table 4.4. Statistical values of the effective storage capacities of the Bukpyeong Basin. 

Value [Mton] 

 

Supercritical phase CO2 region (Case A)

 

Supercritical and liquid phases CO2 region below 

a depth of 500 m from the sea floor (Case B) 

 
Effective storage 

of free phase CO2 

Effective storage 

of aqueous CO2 
 

Effective storage of free 

phase CO2 

Effective storage of 

aqueous CO2 

Average 353.1 21.9 1929.3 122.6 

Standard deviation 291.9 18.1 1594.9 101.4 

Minimum 5.5 0.3 29.9 1.9 

P10 73.4 4.6 401.1 25.5 

P25 139.1 8.6 760.3 48.3 

P50 271.8 16.9 1485.5 94.4 

P75 475.6 29.5 2598.8 165.2 

P90 739.0 45.9 4038.2 256.7 

Maximum 2339.3 145.2 12783.7 812.6 
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Figure 4.9. Probability density distributions of (a) and (c) effective storage capacity of 

free phase CO2 (left column) and (b) and (d) effective storage capacity of aqueous CO2 

(right column) within (a) and (b) the supercritical phase CO2 region (Case A) and (c) and 

(d) the supercritical and liquid phases CO2 region below a depth of 500 m from the sea 

floor (Case B). 
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4.5. Discussions 

In study area, base reference data for thermo-hydrological properties are insufficient 

to characterize rigorously. Especially, the drilling, well logging, and sampling in a deep 

area have not been performed. Therefore, porosity is considered as a single value for each 

unit or formation, which is obtained from laboratory experiments of samples in shallow 

depth cores or outcrops (KIGAM, 2004; Kown et al., 2009). Three heat conductivity 

values are selected and assigned to sand-dominant sedimentary units, clay- or silt-

dominant sedimentary units, and basement rocks, respectively. These thermo-

hydrological properties are listed in Table 4.2. Thus, the spatial distributions of thermo-

hydrological properties are insufficiently considered to estimate storage capacities, 

although the new method can rigorously consider heterogeneity of these properties. 

The storage efficiency and its probable distribution suggested by NETL (2010) is used 

in this study. However, this storage efficiency is based on analyses of field data and 

results of lab experiments and numerical simulations with wide range of geologic 

conditions and various lithologies. This storage efficiency also represents characteristics 

of general saline aquifers in worldwide rather than those of specific basin. Thus it 

distributed widely and also have a high uncertainty. In addition, the storage efficiency of 

free phase CO2 is only suggested. 

Therefore, the storage performances such as storage capacity densities, theoretical 

storage capacities, and effective storage capacities estimated in this study have limited 

significance. It means that the specific values and their ranges cannot be regarded as 

absolute criteria to investigate storage performances of the Bukpyeong Basin. 

Further studies are suggested as follows. First, impacts of the thermo-hydrological 

properties of each unit or formation on storage performances (i.e., storage capacity 

density, theoretical storage capacity, and effective storage capacity) should be 
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comprehensively evaluated. In other words, a series of sensitivity tests of the thermo-

hydrological properties for evaluating storage performances is highly recommended. 

Second, spatial distributions of thermo-hydrological properties in the Bukpyeong Basin 

should be properly estimated using geostatistical approaches to maximize the advantages 

of the new method suggested in this study. It will clearly show the differences between 

the conventional method and the new method for estimating storage capacities. Third, 

storage efficiency, which represents characteristics of the Tertiary sedimentary basins (i.e., 

Bukpyeong Basin and Pohang Basin) in Korea, should be estimated using the CO2 

behavior prediction modeling and probabilistic approach. It also includes storage 

efficiencies for three trapping mechanisms of CO2. 

 

4.6. Conclusions 

A new method for estimating the geologic storage capacities of CO2 using integrated 

three-dimensional geologic formation modeling and thermo-hydrological numerical 

simulation is suggested and applied to the Bukpyeong Basin to evaluate its applicability 

to sedimentary basins in Korea. The volumetric based conventional methods, as 

suggested by CSLF(2005) and NETL (2007), have been widely used for estimating the 

geologic storage capacity of CO2 in sedimentary basins worldwide. Because of their 

simple procedure, they have been straightforwardly applied even to spatially complicated 

sedimentary basins. However, the results from the conventional methods are often 

inaccurate and unreliable because they cannot consider the spatial distributions of the 

fluid conditions and properties, which are not uniform but variable within sedimentary 

basins. To overcome this limit of the conventional methods, a new method, which takes 

into account the spatially variable distributions of the fluid conditions and properties 

within sedimentary basins, is suggested and is applied in this study. In this new method, a 
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three-dimensional geologic formation model of a target sedimentary basin is first 

established and discretized into a large number of volume elements. The fluid conditions 

(i.e., the pressure, temperature, and salt mass fraction in groundwater) within each 

element at the initial state or pre-CO2 injection state are then obtained through thermo-

hydrological numerical modeling. The fluid properties (i.e., the CO2 phase, CO2 density, 

CO2 mass fraction in groundwater, and the groundwater density) within each element are 

then calculated from a thermodynamic database under the corresponding fluid conditions. 

Finally, the geologic storage capacity of CO2 within each element is estimated using the 

corresponding fluid properties as well as the porosity and element volume, and that 

within the entire sedimentary basin is determined by a summation of all of the elements. 

This new method is applied to the Bukpyeong Basin, which is one of the prospective 

offshore sedimentary basins for the geologic storage of CO2 in Korea. A three-

dimensional geologic formation model of the Bukpyeong Basin is first established 

considering the elevation data of the boundaries between the stratigraphy units obtained 

from a seismic survey and geologic maps of the sea floor surface. This geologic 

formation model is discretized into 170,808 hexahedral elements. Thermo-hydrological 

numerical modeling is then performed for the geologic formation model. Finally, the 

storage densities, theoretical storage capacities, and effective storage capacities for free 

phase and aqueous CO2 of the Bukpyeong Basin are estimated. The storage capacity 

density of free phase CO2 ranges from 0.0075 kg/m3 to 412.56 kg/m3, and the storage 

capacity density of aqueous CO2 ranges from 0.0011 kg/m3 to 28.57 kg/m3. The 

theoretical storage capacities of free phase and aqueous CO2 within the supercritical 

phase CO2 region (Case A) are estimated to be 13,783 Mton and 855 Mton, respectively. 

The theoretical storage capacities of free phase and aqueous CO2 within the supercritical 

and liquid phases CO2 region below a depth of 500 m from the sea floor (Case B) are 
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estimated to be 75,319 Mton and 4,787 Mton, respectively. These results also show not 

only the total value but also the spatial distribution of the storage performances of CO2 in 

the target sedimentary basin. To estimate the effective storage capacity and its 

probabilistic distribution, a series of Monte Carlo simulations is performed. Within the 

supercritical phase CO2 region (Case A), the effective storage capacities of free phase and 

aqueous CO2 are estimated as an average of 353.1 Mton and 21.9 Mton, respectively. 

Within the supercritical and liquid phases CO2 region below a depth of 500 m from the 

sea floor (Case B), the effective storage capacities of free phase and aqueous CO2 are 

estimated as an average of 1,929.3 Mton and 122.6 Mton, respectively. The effective 

storage capacities of free phase and aqueous CO2 for both cases (i.e., Cases A and B) 

nearly follow a left-truncated log-normal distribution. It is expected that the new method, 

which is suggested and applied in this study, can be utilized as reasonable and practical 

guidelines when more quantitative estimation of the geologic storage capacity of CO2 in a 

sedimentary basin is required. 
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Chapter 5. Summary 
 

To evaluate long-term security and stability of the geologic storage of CO2 and 

injection and storage performances of the target geologic formations or basins, the 

integrated numerical modeling technologies are applied in this study. These technologies 

include hydrogeochemical reactive transport numerical simulations, coupled numerical 

simulation scheme for an injection well-geologic formation system, and integrated three-

dimensional geologic formation modeling and thermo-hydrological numerical simulation. 

The key points and their implications and utilizations are summarized as follows. 

In chapter 2, the long-term security and stability of the geologic storage of CO2 are 

evaluated using the hydrogeochemical reactive transport numerical simulations. A series 

of numerical simulations is performed to evaluate impacts of mineralogical compositions 

and convective fluid flow on the trapping mechanisms and efficiency of CO2 injected into 

a deep saline sandstone aquifer (reservoir rock). Two key points are revealed from the 

numerical simulation results. First, impacts of volume fraction of chlorite on the trapping 

mechanisms and efficiency of injected CO2 are quantitatively evaluated. The patterns of 

hydrogeochemical reactions depend significantly on the initial presence or absence of 

chlorite in the sandstone aquifer. Amount of chlorite has significantly influence on 

precipitation amount of carbonate minerals, and thus efficiency of mineral trapping. It is 

because Mg2+ and Fe2+ are mainly supplied by dissolution of chlorite. Second, impacts of 

convective fluid flow on the trapping mechanisms and efficiency of injected CO2 are also 

quantitatively evaluated. Convective fluid flow reduces the free fluid phase of CO2 (i.e., 

hydrodynamic trapping) and thus enhances the aqueous and solid phases of CO2 (i.e., 

initially solubility trapping and then mineral trapping). It is because convective fluid flow 

does not only mix CO2-saturated groundwater with CO2-unsaturated groundwater but also 
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expands the overlying acidic region downward. These numerical simulation schemes and 

their results can be utilized when more rigorous and reasonable predictions of long-term 

hydrogeochemical responses of the geologic formations to geologic storage of CO2 are to 

be obtained. They are also used to evaluate performances of a target formation system 

based on trapping mechanism efficiencies of injected CO2. Especially, volume fraction of 

chlorite can be regarded as an index of the mineral trapping efficiency for site screening 

and selection of the geologic storage of CO2. It indicates that geologic formations in a 

target basin or site can be graded according to their chlorite volume fraction in terms of 

the mineral trapping efficiency. Finally, these numerical simulation results provide basic 

reference data to decision makers and stakeholders of the CO2 geologic storage projects. 

In chapter 3, the injection performances of the target geologic formations are 

evaluated using the coupled numerical simulation scheme for an injection well-geologic 

formation system. A series of multiphase thermo-hydrological numerical simulations is 

performed to evaluate the CO2 injection efficiency in terms of the CO2 injection rate and 

injectivity. Two key points are revealed from the numerical simulation results. First, two 

main factors for CO2 injection efficiency are identified. One is the fluid pressure 

difference between the well bottom and the sandstone formation far from the injection 

well, and the other is the kinematic viscosity of CO2 at the well bottom. They depend on 

the fluid pressure and temperature at the well bottom. Second, practical implications are 

provided for prediction of the fluid pressure and temperature in the CO2 injection. The 

fluid pressure and temperature transitions can be simply predicted with an assumption of 

transitions of the hydrostatic fluid pressure and the adiabatic or isoenthalpic fluid 

temperature from the well head to the well bottom in the injection well using the 

thermodynamic data of CO2. These numerical simulation schemes and their results can be 

utilized when more rigorous and reasonable evaluation of the CO2 injection efficiency is 
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required for its geologic storage. They are also used for quantification of injection 

performances of the target geologic formations. Especially, results and analyses, which 

are dealt in this study for hydro-thermal responses in the injection well and geologic 

formations due to CO2 injection, provide a simple method to predict the fluid pressure 

and temperature transitions through the injection well. This simple method can be utilized 

to make practical guidelines and to determine operation schemes for the geologic storage 

of CO2. Examples of prediction of the fluid pressure and temperature in the injection well 

and its application are discussed in section 3.4.3. 

In chapter 4, the storage performances of the target basins are evaluated using the 

integrated three-dimensional geologic formation modeling and thermo-hydrological 

numerical simulation. A new method for estimating the geologic storage capacities of 

CO2 is suggested and applied to the Bukpyeong Basin, Korea. Two key points are 

revealed from the numerical simulation results. First, a new method for estimating the 

geologic storage capacities of CO2 is suggested. This method can takes into account the 

spatially variable distributions of fluid conditions and properties within sedimentary 

basins, thus it gives more accurate and reliable estimation of the geologic storage 

capacities of CO2. Second, the storage capacities of the Bukpyeong Basin are estimated 

using this method. The storage capacity densities and theoretical storage capacities of free 

phase and aqueous CO2 are estimated. These estimations show not only the total value but 

also the spatial distribution of the storage performances of CO2 in a target sedimentary 

basin. Using Monte Carlo simulations, the effective storage capacities of free phase and 

aqueous CO2 and their probabilistic distributions are also estimated. The new method, 

which is suggested and applied in this study, can be utilized when more quantitative 

estimation of the geologic storage capacity of CO2 in a sedimentary basin is required. It 

can be straightforwardly used to evaluate storage performances of the other prospective 
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sedimentary basins (i.e., Gyeongsang Basin and Pohang Basin), Korea. The storage 

capacity densities can be utilized as an index of the storage performance because they 

represent the maximum CO2 masses stored by trapping mechanisms per unit volume. The 

theoretical and effective storage capacities estimated by this method provide valuation 

criteria to decision makers during site screening and selection stages of the geologic 

storage of CO2. Especially, estimation of the storage capacities using this method can also 

contribute to injection well positioning and design because it also shows the spatial 

distribution of the storage performances. 
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국문 초록 (Abstract in Korean) 
 

이산화탄소 지중 저장의 장기적 안전성 및 안정성과 대상 지층 또는 분지의 주

입 및 저장 성능을 평가하기 위하여 통합적 수치 모델링 기술이 적용되었다. 첫 

번째로 지층의 광물학적 조성이 주입된 이산화탄소의 포획 기작 및 효율에 끼치

는 영향을 평가하기 위하여 다상 수리지구화학적 반응성 용질 이동 수치 모델을 

이용한 도 의존적 유체 유동을 고려하는 일련의 수치 모델링을 수행하였다. 광

물 포획은 주로 일차 광물인 방해석과 이차 광물인 도소나이트, 능철석, 앵커라이

트, 마그네사이트의 침전에 의해 이루어진다. 수리지구화학적인 반응 양상은 사암 

대수층 내 녹니석의 존재 여부에 따라서 크게 달라진다. 광물 포획에 대하여 녹니

석이 존재하는 경우 앵커라이트가 가장 높은 기여도를 보이는 반면 녹니석이 존

재하지 않은 경우 도소나이트가 가장 높은 기여도를 보인다. 이차 탄산염 광물의 

침전에 필수적인 Mg2+와 Fe2+는 주로 녹니석의 용해에 의하여 지하수에 공급된다. 

따라서 사암 대수층의 녹니석 함량이 증가할수록 이차 탄산염 광물의 침전량과 

이에 따른 광물 포획의 효율이 크게 증가한다. 한편 도 차에 의한 유체의 대류

가 주입된 이산화탄소의 포획 기작 및 효율에 끼치는 영향을 평가하기 위하여 

도 의존적 유체 유동을 고려하지 않은 일련의 수치 모델링을 수행하였고 이를 앞

의 수치 모델링 결과와 비교 및 분석하였다. 이러한 비교 결과는 도 차에 의한 

유체의 대류가 자유 유체상 이산화탄소를 감소시키며, 수용액상 및 고체상의 이산

화탄소를 증가시킴을 보여준다. 두 번째로 이산화탄소 주입 효율(이산화탄소 주입

률 및 주입도)을 평가하기 위하여 주입정-지층 연계 수치 모델링 기법을 이용한 

일련의 수치 모델링을 수행하였다. 주입정 바닥과 주입정으로부터 먼 지역의 저장

암 간의 압력 차이가 증가할수록 이산화탄소 주입률은 증가하는 반면 이러한 압

력 차이의 변화에 대하여 이산화탄소 주입도는 불규칙하게 변화한다. 이러한 불규

칙한 변화는 이산화탄소 주입도와 운동점성계수의 역수 간의 선형적 비례 관계에 
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의해서 설명될 수 있다. 주입정 바닥에서의 압력과 온도는 이러한 압력 차이와 이

산화탄소 운동점성계수를 결정하는 중요한 요소이며, 따라서 이들은 이산화탄소 

주입 효율을 평가하는데 중요한 의미를 가진다. 본 연구 결과에 의하면 정수압 상

태와 단열 압축 상태의 가정과 열역학적 데이터베이스를 이용하여 주입정 바닥에

서의 이산화탄소 압력과 온도를 쉽게 예측할 수 있다. 이러한 내용을 바탕으로 주

입정 내에서의 압력 및 온도의 변화에 대한 일련의 예측이 수행되었고 그 예측 

결과를 특성 곡선으로 정리하여 제시하였다. 세 번째로 삼차원 지층 모델링과 열-

수리학적 수치모델링의 연계를 통한 새로운 이산화탄소 지중 저장 용량 산정 방

법을 제안하였다. 기존의 방법들과는 다르게 제안된 새로운 방법은 퇴적 분지 내 

유체 환경 및 특성의 공간적 분포를 고려할 수 있으므로 더 높은 정확도와 신뢰

도를 가지는 저장 용량 평가를 수행할 수 있다. 이러한 방법을 국내의 이산화탄소 

지중 저장 유망 연안 분지 중 하나인 북평분지에 적용하였다. 먼저 자유 유체상 

이산화탄소의 이론적 저장 용량은 초임계상 이산화탄소가 존재하는 영역과 해저

면 기준 심도 500 m 이상 영역에서 각각 13,783 Mton과 75,319 Mton으로 계산되었

다. 이러한 결과들은 전체 저장 용량뿐만 아니라 저장 효율의 공간적 분포를 동시

에 보여준다. 한편 유효 저장 용량 및 저장 용량의 확률론적 분포를 산정하기 위

하여 일련의 몬테카를로 수치 모델링이 수행되었다. 그 결과 자유 유체상 이산화

탄소의 유효 저장 용량의 평균값은 초임계상 이산화탄소가 존재하는 영역과 해저

면 기준 심도 500 m 이상 영역에서 각각 353 Mton과 1,929 Mton으로 계산되었다. 

 

주요어 : 이산화탄소 지중 저장, 통합적 수치 모델링 기술, 포획 기작, 광물학적 

조성, 주입 효율, 저장 용량 
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